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ABSTRACT 
 

The world is on the verge of an energy crisis due to rising demand for fossil fuel to meet 

both domestic and industrial energy requirements. In order to meet this rising fossil fuel need, it 

is important that enhanced oil recovery (EOR) schemes, which are more efficient hydrocarbon 

recovery techniques than primary and secondary recovery methods, are used to recover 

conventional oil reserves from already discovered fields. Continuous CO2 and the Water 

Alternating Gas (WAG) injection schemes are two basic EOR techniques for gasflooding 

reservoirs.  

The primary objective of this research project focuses on enhancing oil recovery from a 

very small pilot area of Citronelle oil field using CO2 miscible flooding. The miscible flood 

performance of carefully targeted CO2 injection was modeled using a fine-scale open source 

compositional simulator nSpyres. The simulation runs were performed using regular grids with a 

total of 8.2 million cells. The CO2 injection pilot did not result in any new recovery. However, it 

helped identify many crucial characteristics for consideration in a comprehensive CO2 project for 

entire Citronelle field, such as non-workability of WAG scheme due to loss of injectivity after 

converting back to water injection, presence of natural and induced fractures that affects flood 

performance, as well as operational issues - down-hole pumps, well integrity, and difficulties 

with data collection due to the mixing of “power oil” with produced oil - which will need 

thorough consideration. 
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CHAPTER 1 

INTRODUCTION 

The Citronelle Oil Field, located at Mobile County, Alabama, was discovered in 1955. 

Since the discovery of Citronelle field, it has been producing from fluvial sandstones of the 

Cretaceous Rodessa formation at depths greater than 10,000 ft. This developed domestic giant 

oilfield, located over a deep-seated salt intrusion in Mobile County, Alabama covers a surface 

area of 16,400 acres with 468 wells. An 800-ft-thick gross pay interval contains at least 42 

productive sand zones that operators considered to be 300 separate reservoirs, each with highly 

variable permeability distribution (Eaves Everett, 1976; Fowler et al., 1998). The field was 

developed on forty-acre spacing, and all of it wells exhibited low gas-oil ratio and rapid 

bottomhole pressure drop. Much of the following information on the history of Citronelle has 

been extracted with paraphrasing from the Fowler report. 

Conventional oil recovery involves a development and production cycle which 

commences with a “primary recovery” period in which the natural energy of the reservoir is 

expended during hydrocarbon fluid recovery – primary drive mechanisms. This energy may 

come from rock and liquid expansion, depletion drive, gas cap drive, water drive, gravity 

drainage drive or combination drive. This primary recovery is capable of recovering from 5 to 20 

percent of the oil originally in place (OOIP) in the reservoir. The initial Citronelle field pressure 

that was in excess of 5,000 psi declined relatively rapidly, a result of the liquid expansion 

reservoir drive mechanism. 

In the late 1950s, due to rapid decline in reservoir pressure, an extensive field study was 

conducted by Core Laboratories to evaluate waterflood feasibility. The study was based mainly 

on analysis of a large number of core samples from approximately 55 wells located mostly in the 
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central part of the field. Productive sandstone zones numbered consecutively from 2 to 42 from 

top to bottom in the Rodessa section were divided into four "Flow Groups," one corresponding to 

a lower group of sands in the productive Rodessa section (referred to as Lower Donovan sands) 

and three which contained sands in the upper part of the productive section (referred to as Upper 

Donovan sands). These "Flow Groups" correspond to sands that have properties that are similar 

and somewhat distinct. The groupings of sands assigned in this 1950s study, however, do not 

describe units that perform together in channeling the flow of reservoir fluids from well to well. 

A second detailed secondary recovery engineering study conducted by the operator's committee 

predicted that 50-plus MMBO could be recovered through waterflooding in addition to the 52 

MMBO that would be produced via primary production. 

Following the decline in the natural pressure of the reservoir with resulting decline in 

hydrocarbon production, secondary recovery was commenced. This technique involves injection 

of water to augment the natural reservoir energy as well as to actively displace additional oil 

toward the production well. Through secondary recovery, most operators anticipate an additional 

10 to 20 percent of OOIP can be recovered. In 1961, preparatory for waterflood, 139 wells were 

unitized. In June 1962 and 1966, addition 108 and 94 Tract Units respectively were added to the 

main unit bringing the total size to 341 Tract Units.  

After the unitization of the field, water flooding was first carried out using salt water 

which was later replaced with fresh water from the Wilcox Formation. By early 1965, 

approximately 15,000 bbl of water were being injected each day into 50 injection wells to 

produce about 3,600 bbl of oil from 175 producers. The waterflood was reasonably successful, 

and Citronelle field has produced about half the total oil produced in the State of Alabama. 

Cumulative recovery through 1996 was about 160 million STB of oil, water production 
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estimated at 120 million barrels, and 1.2 billion standard cubic feet of gas. As of mid-2012, the 

cumulative oil production has risen to 168 million barrels.  

As the waterflood expanded in the early-to-mid-1960s, a field-wide geological study 

focusing on sand continuity was performed by Wilson and Warne, consultants contracted by the 

field operators. This study, which incorporated most of the current wells in the field, extended 

the correlation of the 40-plus productive sand zones recognized in the earlier geological study 

and ultimately resulted in recognition of approximately 330 possibly separate reservoirs in the 

field.  

The study completed in 1964, incorporated a large amount of additional core data. The 

authors interpreted the depositional origin in broad terms for several individual sands, and 

established and mapped original oil-water contacts for many sands. In this study, positive 

microlog separation in combination with evidence of filter cake was considered a qualitative 

indication of sufficient permeability for inclusion in net pay. Core examination indicated that 

these criteria corresponded to an air permeability of about 0.5 mD. Net pay determined from 

micrologs and from core analyses of 66 cored wells at that time and gross sand interval 

correlations were displayed on 23 east-west and 27 north-south cross sections covering the entire 

field. Net pay maps for 46 individual sands and sand zones formed the core of the study.  

Also, in the mid-1960s Mobil Oil Company undertook a field-wide engineering study. 

They adhered to the geological framework earlier established by Wilson and Warne, included 

additional pay in some areas in sands not correlated and/or named by Wilson and Warne. The 

Mobil study projected core-measured properties of individual sand zones into uncored wells. 

Results of this study included estimates at every well location of geometric average permeability, 
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effective permeability to oil and water, productivity indices for oil and water, and average water 

saturation for each sand included as pay.  

Waterflood recovery peaked at 17,600 BOPD in 1965. Finite limits to conventional oil 

reserves require more efficient recovery than primary and secondary recoveries from already 

discovered fields. This is the domain of enhanced oil recovery (EOR). Enhanced Oil Recovery 

(EOR) refers to methods for recovering oil from petroleum reservoirs beyond that recoverable by 

primary or secondary methods. EOR projects contributed about 3.0 percent of worldwide 

production of oil in 1996 (Taber J.J. et al. 1996). The fundamental objective for all EOR methods 

is to boost volumetric sweep efficiency compared to that of ordinary water flooding and this 

mechanism is achieved in dual ways. One mechanism entails increasing the volumetric sweep 

efficiency by reducing the mobility ratio between the displacing and displaced fluids while the 

other is aimed at reducing the amount of oil trapped by capillary forces by lessening the 

interfacial tension between the displacing and displaced fluids. 

Although there are three major categories of EOR that have been found to be 

commercially successful to varying degrees are thermal recovery, gas injection, and chemical 

injection, the EOR recovery technique that is attracting the most new market interest is carbon 

dioxide (CO2) enhanced oil recovery. Most of the CO2 used for EOR technique has come from 

naturally occurring reservoirs, but new technologies are being developed to extract CO2 from 

industrial applications, most notably power plants. The primary driver for these new extraction 

technologies is not EOR, but carbon sequestration. Still, the resulting large supply of CO2 could 

be vastly beneficial for EOR. Carbon dioxide (CO2) enhanced oil recovery is carried out by 

injecting large quantities of CO2 (30 % or more of pore volume) into the reservoir. The injected 

CO2 extracts light-to-intermediate components of the crude oil provided the minimum miscibility 
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pressure (MMP) is attained, and thus develops miscibility with the crude oil to displace it from 

the reservoir. Immiscible displacements are less effective compared to miscible flooding. The 

density and concomitant solubility of CO2 in oil decreases with temperature, thus the MMP 

requirement for given oil must increase with higher temperatures (Novosad and Costain, 1986). 

The composition of the oil and the depth of the reservoir also influence the minimum miscibility 

pressure requirement of a given reservoir.     

     In the mid-1970s, the 341 Tract Unit operator and other operators in Citronelle field 

began to evaluate the feasibility of tertiary recovery. Studies concluded that a miscible CO2 flood 

would be most efficient and could recover an additional 20 MMBO. Ten injection wells were 

drilled and cored to evaluate reservoir parameters. Additional studies of core samples were 

conducted in the early 1980s in conjunction with drilling and coring of the 10 pilot wells for CO2 

injection. However, no field-wide reevaluation of the geologic framework was undertaken at that 

time.  Injection of CO2 began in 1981 under DOE'S Tertiary Incentive Program and eventually 

included seven of the ten injection wells. Injection rates varied from a high of 625 MCFD to a 

low of less than 0.2 MCFD. However, all CO2 injection was suspended in 1983 after injection of 

1.6 BCF of CO2 due to a disagreement between the operators and DOE. No definitive results 

were ever made available concerning tertiary production response. 

  In 2007, USDOE funded a project to test the response to CO2 injection at Citronelle. The 

primary objective of this research project focused on enhancing oil recovery from a very small 

pilot area of Citronelle oil field using CO2 miscible flooding. The results of this research have 

provided critical characteristics that can be used for determining whether or not to pursue the 

possibility of extending enhanced oil recovery method to the entire field. The specific objectives 

of this research included: 
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• Engineering characterization of the pilot area and quantification of the high degree of 

heterogeneity; 

• Estimation of cumulative oil that is recoverable from the pilot area through continuous 

CO2 injection; 

This study conducted is presented in six different chapters. In Chapter One, the history of 

the different reservoir development and management strategies undertaken in Citronelle oil field 

is presented. In Chapter Two, results of a preliminary simulation study on the pilot area in 

Citronelle field are presented. In Chapter Three, all field activities related to the business of CO2-

based enhanced oil recovery are discussed. These activities include analysis of interference test 

data, carbon dioxide injection strategy, infrastructure and logistics needed for efficient CO2 

injection operation, carbon dioxide injection schedule, and breakthrough of injected carbon 

dioxide after injection. In Chapter Four, loss of injectivity of water after carbon dioxide injection 

is discussed. Chapter Five dwells on test calibration of fine-scale compositional simulator. In 

Chapter Six, conclusions reached based on the study are presented. In light of observation made 

in the course of conducting the study, recommendations are made.   
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CHAPTER 2 
 

PRELIMINARY SIMULATION RUNS AND RESULTS 
 

A compositional simulator, SENSOR, was used to model CO2-flood recovery 

performance within the pilot area of Citronelle oil field. The simulation study was performed to 

investigate the effect of permeability variation (heterogeneity) on cumulative oil production and 

to determine the optimum size of CO2 slug required for maximum oil production using water-

injection-only case as a base line. These baseline expectations were reported by Dumkwu (2009). 

The single porosity simulation model was used to model fluid flow within the pilot area. 

The basic model parameters and assumptions made are: 

• 10 layers of formation, using a 10 by 10 by 10 grids on a quarter- five spot pattern. 

• Layer average thickness of 20 ft. 

• Homogeneous porosity of 0.154. 

• Initial average water saturation of 0.6. 

• Irreducible water saturation of 0.21. 

• Irreducible oil saturation of 0.25. 

• Quarter 5-spot area =800` by 800`. 

• Initial reservoir temperature of 210F. 

• Water viscosity at 5000 psi = 0.4 cp. 

• No impediment to vertical flow. 

• Simulation cell block of size 2` by 80` by 80`. 

• Injector and producer in opposite corners. 

• Injection pressure of 7500psi and production pressure of 3000psi. 
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• No consideration was given for CO2 dissolution in water, and no interaction of CO2 with 

formation rocks. 

• Oil displacement mechanism is assumed to be first contact miscible with CO2 in view of 

the high pressure existing within the formation. 

 
2.1 Summary of Simulated Permeability Distribution Cases  
 

The five permeability distribution cases shown below were chosen to closely 

approximate the heterogeneity of the formation that was be the target of the CO2 test injection. 

The permeability values for the 10 layers used for the different simulated cases were: 

• Case Homogeneous was given a uniform homogeneous permeability value of 7 mD for 

the entire 10 layers that constitute the reservoir. This is an idealized case considering the 

fact that Citronelle oil field is highly heterogeneous.  

• Case High to Low (H2L) has permeability distribution K= [19, 10, 9, 8, 7, 6, 5, 3, 2, 1] 

mD and the permeability values were assigned by layers in descending order of 

magnitude from the reference point.  

• Case Low to High ( L2H) has permeability distribution K= [1, 2, 3, 5, 6, 7, 8, 9, 10, 19] 

mD and the permeability values were assigned by layers in ascending order of magnitude 

from the reference point.  

• Case Arbitrary Order (LN) was assigned permeability distribution K= [6, 7, 5, 7, 19, 7, 

10, 8, 7, 9] mD in no particular order of magnitude from the reference point. Of the five 

cases considered this case best reproduced the effective permeability of the simulated 

formation and is corroborated by the interference test result. 
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• Case Harmonic Mean (PW) was assigned permeability distribution K= [161.0, 48.0, 0.7, 

1.1, 8.6, 1.9, 1.5, 2.0, 4.6, 2.9] mD which is the harmonic mean of the permeability 

measurements obtained from core samples of the target zone. Case PW most closely 

approximates the distribution of permeabilities in the two sands that will be the target of 

the first test injection.   

The predicted cumulative oil recovery for five simulated permeability distribution cases 

within the pilot area using waterflooding, CO2 flooding, and WAG enhanced recovery schemes 

at prevailing reservoir conditions (temperature 210 OF and pressure 5000 psi) are presented.  

Similarly, the result of the simulation study for case LN to determine the optimum size of CO2 

slug required for maximum oil production using water-injection-only case as a base line is 

discussed. 

 

2.2 Effect of Permeability Variation on Cumulative Oil Production 

The results of SENSOR simulation runs for the five simulated cases showed that 

permeability variation (heterogeneity) has a strong effect on cumulative oil production and this is 

consistent with literature study (Stalkup, 1982; Lake, 1989). Figures 2.1 through 2.5 showed that 

while cumulative oil production increased throughout the time frame of the project for all 

simulated cases, the largest oil production was achieved in cases Homogeneous and LN. This 

may be attributed to the fact that formations with these permeability distributions have better gas 

injectivity, gas retention, and hydrocarbon displacement efficiency (Lake and Pizarro1998). 

More so, continuous CO2 injection has a better output compared to WAG and water flooding. 

These figures further showed that increased oil production due to continuous CO2 injection or 



 

10 
 

WAG process increased linearly with injection until it attained a plateau after which cumulative 

oil production increases slightly no matter the quantity of CO2 injected.     

As can be seen in Figures 2.1 through 2.5, the cumulative oil production resulting from 

water flooding is very minimal compared to continuous CO2 injection and WAG process. This is 

because the simulation started at very high water saturations; therefore, significant improved oil 

recovery due to waterflood should not be expected.  

The results shown in Figure 2.5 consider a very optimistic permeability distribution (case 

PW) for the formation. This case responded faster to solvent injection than the other cases. This 

is due primarily to overall higher permeability and correspondingly higher injectivity/production 

may be due to more efficient gas distribution within this formation such that it took less time for 

the injected solvents to efficiently sweep through the formation and displace the oil towards the 

production well. 

 

 

 

 

 

 

Figure 2.1: Cumulative Oil Production as a Function of Different Solvent Injection for Case 
Homogeneous. 
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Figure 2.2: Cumulative Oil Production as a Function of Different Solvent Injection for Case 
H2L. 

 

 

 

 

 

 

 

 

 

 

Figure 2.3: Cumulative Oil Production as a Function of Different Solvent Injection for Case 
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Figure 2.4: Cumulative Oil Production as a Function of Different Solvent Injection for 
Case LN. 

 

 

 

 

 

 

 

 

 

 

 

Figure 2.5:  Cumulative Oil Production as a Function of Different Solvent Injection for 
Case PW. 
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2.3 Determination of Optimum CO2 Slug Size for Maximum Oil Production for Case LN. 
 
   The simulation results for Case LN were analyzed a little more closely to provide 

comparative results for different slug sizes. Prior to the analysis, 3 more slug-size simulation 

cases were performed, including runs for 7500 tons, 60000 tons, and 90000 tons. The predicted 

cumulative oil production obtained for the water-injection-only case was plotted against time and 

fitted with a straight line equation. Using this production as a baseline, it was assumed that any 

production above this baseline was due to CO2 injection. This net cumulative production was fit 

as a function of time and slugs of CO2 injected.   

 Figure 2.6a is simply a plot of the cumulative oil produced with time and it shows 

the corresponding fits for the various cases simulated. The curves were generated by adding 

t*37.8 STB/day to everything above. Although this figure shows substantial flaws in the fits, the 

correlation provides a very simple continuous representation of the performance versus slug size 

and time that can be used for comparative analysis. Figure 2.6a shows predicted recovery 

performances for different CO2 slug sizes and it is evident that the cumulative amount of oil 

recovered is dependent on the quantity of CO2 injected until it reaches a climax after which 

cumulative oil recovered does not increase substantially with time. Figure 2.6b is a plot of 

Cumulative oil recovery at 1800 days versus maximum CO2 slug injected. The curve was fit 

using the red dots, and the black dots are results of simulation runs made to test the correlation.  
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Figure 2.6a: Net Cumulative Oil Production Rate as a Function of Different CO2 Slug Sizes  

 

 

 

 

 

 

 

 

 

Figure 2.6b: Net Cumulative Oil Production as a Function of CO2 Slug Sizes Injected for Case 
LN  
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CHAPTER 3 
 

ENHANCED OIL RECOVERY FIELD ACTIVITIES  
 

Finite limits to conventional oil reserves require more efficient recovery than primary and 

secondary recoveries from already discovered fields. This is the domain of enhanced oil recovery 

(EOR). Enhanced Oil Recovery (EOR) refers to methods for recovering oil from petroleum 

reservoirs beyond that recoverable by primary or secondary methods. EOR methods helps to 

boost volumetric sweep efficiency and this mechanism can be achieved by reducing the mobility 

ratio and interfacial tension between the displacing and displaced fluids. 

It must be emphasized that laboratory injection studies alone cannot be considered perfect 

indicators of field-scale success during enhanced oil recovery processes (Kamath et al., 1998). 

Field-scale verification studies and demonstration projects are needed for proper scaling to field 

application. Prior to conducting enhanced oil recovery scheme on a field-wide scale, it is 

important to first establish that there is communication among all the producing and injection 

wells within the field. To this end, the performance and analysis of interference well test data is 

encouraged.  

 

3.2 Transient Well Testing 

A petroleum engineer needs detailed reservoir information to enable him carry out 

reasonable analysis of the current behavior and future performance of the reservoir. Pressure 

transient testing is the vehicle through which an engineer can conduct quantitative analysis of the 

reservoir properties. A pressure transient test is carried out by generating a disturbance in the 

reservoir and recording the pressure response at the wellbore (bottom-hole flowing pressurewfP ) 
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as a function of time. These tests can be classified into two groups: single-well and multiple-well 

tests. On the one hand, when the flow rate is changed and the pressure response is recorded in the 

same well, the test is referred to as “single well”. Examples of single well tests include 

drawdown, buildup, injectivity, falloff, and step-rate. On the other hand, if the flow rate is 

changed in one well and the pressure response is recorded in another well, the test is called a 

multiple-well test. Examples of multiple-well tests are interference and pulse tests.  

 

3.2.1 Pressure Interference Test  

Although single well test can provide important reservoir and well characteristics, such as 

flow capacity (kh), well bore conditions, fracture length, etc, they do not provide the directional 

nature of reservoir properties. Furthermore, they do not indicate the extent of communication 

between the test wells and adjacent wells. Therefore, interference well test was performed to 

determine; 

• Whether or not there is communication between the tests well and surrounding wells. 

• The mobility-thickness product
µ
kh

. 

• The porosity-compressibility-thickness producthctφ . 

• The fracture orientation if any of the test well. 

• Directional permeability and other major reservoir heterogeneities. 

• Estimated reservoir volume. 

Multi-well interference testing involves one producer (injector) and several observation 

wells. To perform an interference test, all the wells involved are shut in until their bottom-hole 
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pressures stabilizes. Pressure recorders are then lowered into the observation well(s) and the 

producer (injector) is opened for production (injection) at a constant rate. If the wells do 

interfere, a pressure drop (rise) is recorded at the observation well(s) within a reasonable length 

of time. In the presence of reservoir discontinuities caused by sealing faults or stratigraphic 

pinchouts in the distance between the producer (injector) and an observation well, no pressure 

drop (rise) would be recorded at the observation well (Sabet, 1991).  

 

3.1.2 Interpretation of Interference Test Data 

If the reservoir consists of a single layer that is homogeneous and isotropic with respect 

to all description parameters - slightly compressible reservoir fluids, fully penetrating wells, 

reservoir area much larger than the distance between the producer and observation wells- then 

the pressure, trP , , measured at any distance , r, from the producing well, and at any time, t, as 

measured from the instant of opening the well to produce , is given by: 

pss
t

i
oo

tri tt
kt

rc
E

kh

BQ
PP <







−





−
=− ,

9486.70 2

,

φµµ
                  (1) 

where psst  is the time required to attain pseudo-steady-state. The pressure drop, tri PPP ,−=∆ , is 

measured at the observation well, iP  is the stabilized pressure measured in the observation well 

before opening the producing well, t is the time in hours as measured from the instant the 

producing well is opened for production , and r is the distance in feet between the producer and 

the observation well. The producing rate oQ is measured in STB/D. If the interference test is 

conducted between an injector and observation wells, oQ would be negative and the pressure rise 

at the observation well, tri PPP ,−=∆ , would be as shown below: 
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where: 

  itr PPP −=∆ ,  (Injector) 

  tri PPP ,−=∆  (Production) 

  T = transmissibility, µ
kh  

   S = storage, thcφ . 

One of the fundamental objectives of interpreting interference test data is to determine both T 

and S.  

 

3.1.3 Methodology and Assumption 

The fitting program performs a least-squares match of the pressure changes to the 

equation: 
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h = average thickness, ft 
=qB  the reservoir flow rate, (assume 140 bbl/day) 

=φ  average porosity , (assume 0.155) 
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=tc  average total compressibility , (assume  10.10-6 psi-1  )  

r =  distance from the injector =822 ft for well B-19-9 

t = time, hours. 

The pressures were changing due to prevailing injection and production in the vicinity of the test 

well. This change had to be filtered out of the results by subtracting the prevailing pressure at the 

observation well when the initial response to injection at Well B-19-10 occurred from the actual 

pressure. Although superposition theory could have been applied, no attempt was made to do this 

because the rate data at the injection well was not detailed, nor did we have any detailed rate 

behavior regarding what was inducing the background pressure change. 

Despite these assumptions, a few considerations make the analysis credible. First, the 

time of the initial response to injection at the observation well depends primarily on the total 

mobility. Changing this initial response by as much as +/- 2 days has little impact on the 

calculated mobility. Second, the amplitude of the pressure change is mostly influenced by
qB

hTλ . 

The rate appears to be good to roughly +/- 20% so the fact that the calculated thickness comes 

close to those estimated from geological studies means that the calculated Tλ  is probably okay. 

Finally, our simulation studies (initial WAG calculated results) assumed a single-phase 

permeability of around 10 mD, but relative permeability effects severely impacted injected rates 

so that calculated rates were comparable to the observed rates for the test and the effective 

mobility was comparable to the interference test result. The sample injection rates at well B-19-

10 are given in Table 3.2. 

Table 3.1: Sample injection rates at well B-19-10  
Date Injection pressure (psi) Rate 

5/3/2008 3200 102 
5/4/2008 3200 146 
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5/5/2008 3200 137 
5/6/2008 3200 76 
5/7/2008 3200 148 
5/8/2008 3200 133 
5/9/2008 3200 174 
510/2008 3200 150 
5/11/2008 3200 162 
5/12/2008 3200 165 
5/13/2008 3200 143 
5/14/2008 3200 140 
5/15/2008 3200 3 
5/16/2008 2900 3 
5/17/2008 2600 3 
5/18/2008 2500 0 
5/19/2008 2300 0 
5/20/2008 2200 0 
5/21/2008 2100 64 
5/22/2008 3100 145 

 
 
 
 

 Figure 3.3 shows the pressure responses relative to an "Initial" Pressure and figure 3.4 is 

a curve fit for well B-19-9 .The exponential integral functions, iE which forms an integral part of 

the program used for generating the curve fit  was calculated using the function based on an 

approximation given by Stegun and Abramowitz (1972). An analysis of the interference test 

conducted on wells in Citronelle project within the pilot area provided some clear evidence of 

communication between the injector and Well B-19-9. A total mobility of around .61 mD/cp, and 

an average production thickness, h, of around 20 ft, were obtained from the data fit after 

assuming porosity of 15.5%, total compressibility of 10*10^(-6)/psi, and average reservoir 

injection rate of 140 bbl/day.  

 

 Unfortunately, due to unforeseen difficulties at the injection well, injection was not 

started at the time scheduled. Consequently, the pressure gauge in well B-19-7 was pulled before 
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it could show a pressure response. At this point, no "cause-and-effect" can be performed with the 

data from this well because the observed pressure response is none unique. In fact, the gauge was 

pulled before the closer well, B-19-9, had responded to injection. If the reservoir properties 

determined for B-19-9 apply, then it would have taken another five days to get an initial response 

to the injection started on May 3. 

   Based on the analyzed interference test data, the following were concluded; 

• The injector is in communication with at least one nearby producer. 

• No obvious "short circuits" was observed between the injector and either production 

wells. 

• There was no evidence of significant layering (at least for the duration of the test). 

• The higher pressure of 5500psi in B-19-9 versus the lower 5130psi pressure in B-19-7 

suggests reasonable levels of communication between some of the injectors and 

producers. 

• Cannot say conclusively that B-19-7 is in communication with injector. 

• The low mobility of 0.61 mD/cp versus 20 - 40 mD/cp from cores suggests either low-

permeability baffles between the injector and producers or some mobile water and mobile 

oil. 
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Figure 3.1:  Pressure Responses Relative to an "Initial" Pressure 

 

 

Figure 3.2:  Curve fit Results for well B-19-9 from 400 to 900 hours 
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3.2   Well Test Data Analysis and Impact of Hydraulic Fractures  
 
             The initial interference test was conducted prior to start of CO2 injection in the pilot test 

area. On the basis of preliminary simulation study, it was concluded that injection of   slugs of 

CO2 was required for maximum cumulative oil recovery from the pilot area. In July 2009, CO2 

injection operation started. After some months of injection, early breakthrough of CO2 was 

detected on some wells outside the test area.  This early breakthrough resulted in lower CO2 

injection rate and reduced cumulative oil production.  

              Among other factors, a possible reason for early CO2 breakthrough could be attributed 

to hydraulic fractures within the formation. All production wells in the area have been 

hydraulically fractured, whereas the injection well, to our knowledge, has not been hydraulically 

fractured. One explanation for the early breakthrough is that the plume extended along induced 

fractures and was captured by wells favorably located along the maximum horizontal stress. 

Whether a fracture was induced in the injection well during water or gas injection is unclear, 

although the lack of natural fractures in the reservoir may indicate that the reservoir is under 

significant stress and can be fractured easily when pore pressure is increased.  

                   Testing to determine the cause of low injectivity to water, following the CO2 

injection, began with a pressure-transient injection and fall-off tests, from November 28 to 

December 12, 2011. The results obtained from the analysis of the test data is shown in Figures 

3.3a and b. Analysis of the pressure-transient test data shows the presence of a hydraulic fracture 

having a total length of 600 to 1000 ft determined from the dependence of the pressure decay on 

the square root of time. The pressure-transient test does not provide any information about the 

direction of the fracture. 
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 The following are likely conclusions:  

1. There is a substantial hydraulic fracture originating at the injector, having a total 

length of 600 to 1000 ft. 

2. A hydraulic fracture along the direction of maximum horizontal compressive stress 

was opened by water or CO2 injection.  

3. The fracture provided a preferential pathway for CO2, compromising the sweep 

efficiency of CO2 in the pilot test.  

 

 

 

Figure 3.3a: Slope of ½ on the log-log plot of pressure vs. time during shut-in is evidence 
for the presence of a fracture. 
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Figure 3.3b: Slope of the plot of pressure vs. time½ during shut-in indicates a fracture 
length of 600 to 1000 ft. 
 

 

3.3  Pilot-Scale Demonstration of Enhanced Oil Recovery Process Using CO2 Injection in 

Citronelle Field.  

The technologies for drilling and equipping CO2 injection wells are well developed. Most 

aspects of drilling and completing such wells are similar or identical to that of drilling and 

completing a producing gas well. Many CO2 enhanced oil recovery projects are active in the 

U.S., and technologies have been developed to complete, produce, and maintain CO2 injection 

and CO2 EOR production wells for long periods of time (EPA 2008 Technical Report).  
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The design of a CO2 injection well is similar to that of a conventional gas injection well 

or a gas storage well, with the exception that much of the downhole equipment must be upgraded 

for high pressure and corrosion resistance.  Upgrades may include special casing and tubing, 

safety valves, cements, and blowout preventers. A well program is designed prior to drilling to 

determine the drilling plan and casing points. This design incorporates what is known about the 

geology and engineering aspects of the location.  

 

3.4 Carbon Dioxide Injection Infrastructure, Schedule, Logistics, and Strategy 

The injection well typically consists of several strings of casing extending to different 

depths. Multiple casing strings are required to isolate the well from shallow drinking water and 

to prevent problems with weak sections of the well bore. The innermost, deepest casing string is 

cemented in place across the storage reservoir and then perforated to allow movement of the CO2 

into the well. Then a small diameter tube is run into the well inside the innermost casing. This 

injection tubing is sealed off from the casing with a double grip packer.  

A diagram of a typical injection well wellhead and control equipment is shown in Figure 

3.4. The cost of injection equipment is a function of capacity. Injection well monitoring 

equipment are described in the 2007 API report and include a lubricator valve for running 

wireline tools, master valves to permit isolation of the tubing from the CO2 source, casing head 

valves to permit monitoring of pressure in the annulus between the production casing and the 

tubing string to ensure mechanical integrity, and a Bradenhead valve to permit monitoring of the 

pressure between the production casing and surface casing. 
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Figure 3.4: Diagram of Typical CO2 Injection Wellhead (Source: EPA 2008 Technical Report) 
 

 

An aerial photograph of the Citronelle oil field in the vicinity of the test pattern, with the 

wells identified by number, is shown in Figure 3.5. The injection well chosen for the first test is 

B-19-10 #2 (Permit No. 3232). The producers monitored most closely were B-19-7 (Permit No. 

1215), B-19-8 (Permit No. 1235), B-19-9 (Permit No. 1205), and B-19-11 (Permit No. 1209). 

What was originally intended to be a more symmetric five-spot well pattern became distorted by 

substitution of Well B-19-11 for the plugged and abandoned Well B-19-10 (Permit No. 1206), 

which could not be restored to production. 
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Water injection into Well B-19-10 #2, to establish the baseline for oil production, began 

on March 25, 2008. A steady injection rate of 170 bbl/day of water was established prior to CO2 

injection. Wells B-19-7 and B-19-9 were each producing 4 to 5 bbl/day of oil and Wells B-19-8 

and B-19-11 were each producing 8 to 9 bbl/day of oil. A high-pressure, CO2-compatible triplex 

plunger pump was installed at the B-19- 8 tank battery. Produced fluids from Wells B-19-7, B-

19-8, and B-19-9 are collected at B-19-8 Tank Battery, and fluids from Well B-19-11 go to B-

19-11 Tank Battery. Both tank batteries were equipped with gas-liquid cylindrical cyclone 

separators, to separate produced oil and water from gas. Oil and water has been collected, but gas 

produced during the test was primarily CO2. Because of the unusually low gas yield from 

Citronelle oil, the gas produced during the project was vented. Flow meters were installed to 

measure power oil and produced fluid flow rates going to and from the producing wells. 

Attempts to inject CO2 began on March 3, 2009, the day after arrival of the first shipment 

of CO2. Over the following days and weeks, many attempts were made to achieve steady high 

pressure on the outlet side of the positive displacement pump. Carbon dioxide was evidently 

vaporizing between the storage tank and the pump, causing the pump to "vapor lock." Unlike a 

centrifugal pump, the positive displacement pump will not move or compress vapor. A "booster," 

or "charge" pump, designed to compress and return any CO2 vapor in the line to liquid, had been 

installed in the original set-up, between the storage tank and the positive displacement pump, but 

it was not rated at a high enough pressure for its seals to withstand the 300 psig pressure of the 

storage tank. 

The set-up was modified by placing a smaller positive displacement pump as close as 

possible to the storage tank, and at slightly lower elevation, on the argument that a short line and 

some hydrostatic pressure would help the CO2 to remain as liquid up to the suction side of the 
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pump. This arrangement was tested during the week of May 11, 2009, but was still subject to 

vapor lock, failed to produce high pressure on the outlet side of the pump, and was unable to 

deliver liquid CO2 to the injection well. 

 

 

 

 

Figure 3.5. Aerial photograph of the Citronelle oil field in the vicinity of the test well pattern. 
The test pattern consists of injector B-19-10 #2 and producers B-19-7, B-19-8, B-19-9, and B-
19-11. The top edge of the photograph faces North. Tank Battery B-19-8 is visible just to the 
Northwest of Well B-19-8. Tank Battery B-19-11 is to the South of Well B-19-11, between the 
roads. 
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Further attempts to achieve steady high pressure on the discharge side of the positive 

displacement pump for injection of CO2 were. After many trials and changes to the set-up, the 

team members directly concerned with the set-up for CO2 injection had concluded that the 

principal problem preventing pumping and injection of CO2 was the lack of a "charge" or 

"booster" pump between the storage tank and triplex positive displacement pump. The function 

of the charge pump is to provide a small overpressure, 50 to 100 psi over the saturation pressure 

of 300 psig in the storage tank, to prevent CO2 vapor from forming on the suction side of the 

triplex pump. A charge pump having the proper specifications was ordered by Denbury and 

arrived in Citronelle at the end of the week of July 13, 2009. Installation was completed during 

the following week. Attempts to inject CO2 began again during the week of July 27, 2009, but 

were still unsuccessful. 

The injection rate settled at 46.5 tons CO2/day, the exact center of the range of 35 to 58 

tons/day anticipated from the preliminary reservoir simulations performed. At this rate, the Phase 

II injection of 7500 tons could be completed in 5 months. However, after a short period of 

trouble-free operation at the injection rate of 46.5 tons CO2/day, problems with the triplex pump 

surfaced again, as damage to the Teflon sleeves that had been installed to minimize dead volume 

in the pump. In spite of these problems Mike Sullivan and Radar Everett, leading the work in the 

field, were able to continue injection, with constant attention and maintenance to the pump, for 

about 11 hours per day. 20 tons of CO2 were typically injected each day, which was slightly 

more than half of the desired minimum rate of 35 tons/day. Then, on December 29th, 2010, a 

tubing leak was detected, requiring a complete shut down for repair. CO2 in the ground at that 

point stood at 380 tons.  
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The history of CO2 injection up to December 1, 2009, is shown in Figure 3.6. At the 

average rate of 32 tons/day, injection of the 2030 tons remaining in Phase II should have 

completed by September 9, 2010, as shown by the dotted line in Figure 3.6. Continuous injection 

of CO2 was maintained at the average rate of 31 tons/day from January 27 to the end of the Phase 

II injection. The original injection target of 7500 tons CO2 was reached on September 12, but 

because the contract with Airgas Carbonic, the provider of the liquefaction and transportation 

services, provided for an extra 5% of CO2, to allow for possible losses during processing and 

trucking, the injection was continued to 7875 tons, which was reached on September 25th, 

concluding the Phase II injection. The record of the injection is shown in Figure 3.7. The 

average injection rate of 31 tons/day was in good agreement with the average rate of 35 tons/day 

anticipated by the simulation. 

 

 

 

Figure 3.6. History of CO2 injection at Citronelle since December 1, 2009. The average injection 
rate since January 26, including down time for maintenance, has been 32 tons/day. 
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Figure 3.7. Record of the CO2 injection during Phase II and comparison with the reservoir 
simulation by Eric Carlson using SENSOR (Coats Engineering, Inc.). The average injection rate 
from January 27 to the end of the injection, including down time for maintenance, was 31 
tons/day. The total amount of CO2 injected was 7875 tons. 
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CHAPTER 4 
 

LOSS OF CARBON DIOXIDE INJECTIVITY 
 
4.1 Loss of Injectivity after IOR 
 

In his study, Moritis (2000) identified a number of gas improved oil recovery (IOR) 

projects in the U.S. among which 64 are CO2 miscible projects. Brock and Bryan (1989) 

presented a summary of CO2 IOR projects and reviewed the performance of 30 full-scale field 

projects and field pilots up to 1987.  Most projects were shown to be technically and 

economically successful and in a number of projects, the production performances were better 

than anticipated (Hadlow, 1992). The Permian Basin of west Texas and southeastern New 

Mexico remains a very active area for CO2 projects. Also, CO2 IOR field or pilot projects exist in 

seven other states, such as in California, Colorado, Kansas, Michigan, Mississippi, Oklahoma, 

and Utah.  

There are two basic IOR techniques for gasflooding a reservoir—continuous gas injection 

and the WAG injection scheme. Industry initially had a number of concerns about CO2 injection, 

especially during the WAG process, with regard to controlling the higher-mobility gas, water 

blocking, corrosion, production concerns, oil recovery, and loss of injectivity. Careful planning 

and design along with good management practices have allayed most concerns, except for loss of 

injectivity. Lower injection rates of CO2 slugs and water slugs have been a concern. 

  There are two separate but related questions regarding this perplexing issue. 

• What causes the unexpectedly low injectivity during gas injection? 

• What is the reason for the apparent reduction in water injectivity during brine injection after 

gas injection? 
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Injectivity is a key variable for determining the viability of a CO2 project. Potential loss of 

injectivity and corresponding loss of reservoir pressure and possibly loss of miscibility resulting 

in lower oil recovery have major impacts on the economics of a gas-injection process. Many of 

the projects evaluated by Hadlow (1992) showed higher CO2 (gas) injectivity than that obtained 

in pre-waterflood water injection. However, substantial loss in water injectivity after CO2 or gas 

injection also has been seen. On the average, an approximately 20% loss of water injectivity can 

be expected in the WAG process (Hadlow, 1992). Attempts to mitigate this include decreasing 

the WAG ratio to decrease the mobility control, increasing the injection pressure, and adding 

additional injection wells.  

Optimization of operations can improve the economics of existing CO2 and other 

enhanced oil recovery (EOR) projects significantly (Pariani, G.J. et al., 1992). Three major 

management parameters that could affect the economics of a CO2 or gasflood are: 

• The CO2 and water half-cycle slug sizes. 

• The gas/water ratio profile. 

• The ultimate injected CO2 slug size. 

4.1.1 WAG Process Description. 

  The WAG scheme is a combination of two traditional techniques of improved 

hydrocarbon recovery: waterflooding and gas injection (Surguchev et al., 1992). The first field 

application of WAG is attributed to the North Pembina field in Alberta, Canada, by Mobil in 

1957 (Christensen et al., 2001) where no injectivity abnormalities were reported. Conventional 

gas or waterfloods usually leave at least 50% of the oil as residual (Caudle and Dyes, 1958). 

Laboratory models conducted early in the history of flooding showed that simultaneous 

water/gas injection had sweep efficiency as high as 90%, compared to 60% for gas alone (Caudle 
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and Dyes, 1958). However, completion costs, complexity in operations, and gravity segregation 

from simultaneous water/gas injection indicated that it was an impractical method for 

minimizing mobility. Therefore, a CO2 slug followed by WAG has been adopted.  

The displacement mechanism caused by the WAG process occurs in a three-phase regime 

and the cyclic nature of the process creates a combination of imbibition and drainage (Surguchev 

et al. 1992). Optimum conditions for oil displacement by WAG processes are achieved if the gas 

and water have equal velocity in the reservoir. The optimum WAG design is different for each 

reservoir and needs to be determined for a specific reservoir and possibly fine-tuned for patterns 

within the reservoir. Important technical factors affecting WAG performance that have been 

identified are heterogeneity (Jones et al., 1989; Christman and Gorell, 1990; Pariani et al. 1992; 

Surguchev et al. 1992; Surguchev et al. 1992; Roper and Pope, 1992; Cullick et al.1993; Roper, 

1994 ); wettability (Tiffin and Yelling, 1983; Stern, D. 1991; Surguchev et al. 1992; Surguchev 

et al. 1992); fluid properties (Surguchev et al. 1992; Surguchev et al. 1992; Cullick et al.1993; 

Roper and Pope, 1992; Roper, 1994);  miscibility conditions (Pariani et al. 1992; Surguchev et 

al. 1992; Surguchev et al. 1992);  injection techniques (Pariani et al. 1992; Surguchev et al. 

1992; Surguchev et al. 1992); WAG parameters (Pariani et al. 1992; Surguchev et al. 1992; 

Surguchev et al. 1992); physical dispersion (Roper and Pope, 1992; Roper, 1994); and flow 

geometry (Pariani et al. 1992; Surguchev et al. 1992; Christman and Gorell, 1990). 

 

4.1.2 Injectivity Abnormalities 

Injectivity abnormalities result in either increased or decreased gas injectivity relative to 

pre-waterflood injection. A number of the CO2 floods have seen higher gas injection relative to 

pre-waterflood injection. Also, some projects have had higher CO2 injectivity after successive 
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WAG cycles. Simulations indicate that CO2 injectivity is much higher in reservoirs with 

crossflow when accounting for phase behavior and mixing (Chang, Y.B. et al. 1994). Enough 

CO2 solubility in follow-up brine injection has been reported during WAG cycles to raise 

unsaturated brine injectivity to three to five times the saturated brine injectivity (Prieditis et al., 

1991). Increased brine injectivity during WAG cycles after the first slug of CO2 also has been 

attributed to the combined effects of heterogeneity, crossflow, oil-viscosity reduction, CO2 

sweep, CO2 channeling, compressibility, and solubility of CO2 in injected brine near the wellbore 

(Roper et al. 1992). 

 Injectivity increases are not as great where vertical permeability is lower, pay section is 

thicker, or the injection well is stimulated, and production wells are not stimulated. The effects of 

low mobility in the tertiary oil bank and in the dispersive mixing zone near the CO2 displacement 

front are more significant for a stimulated well because they pose a greater portion of the total 

flow resistance when resistance is lower near the well. In addition, the fronts are moving with a 

velocity that varies inversely with the radius from the injector. The closer these banks are to the 

injection wellbore, the more effect the banks have on the activity at the injector. 

Injectivity reduction after CO2 injection has occurred frequently in west Texas (Schneider 

and Owens, 1976; Potter, 1987), as well as in the Brent formations after hydrocarbon gas 

injection in the North Sea area (Surguchev et al., 1992; Surguchev et al. 1992 ). The Levelland, 

Slaughter, and Wasson fields producing from the San Andres formation have all reported 

injectivity loss during WAG process (Patel et al., 1987). Schneider and Owens (1976) studied 19 

preserved cores from four oil-wet carbonate reservoirs to evaluate injectivity in a west Texas rich 

gasflood. Before the rich-gas/water injection, water rates averaged 350 B/D; however, after gas 
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injection, water-injection rates averaged 100 B/D. The ratio of pre- to post-gas injection is 

similar in magnitude to the reduction observed in some relative permeability coreflood tests.  

Efforts to improve injectivity in the field following rich-gas injection were largely 

unsuccessful (Harvey, 1977). The Levelland Unit CO2 miscible pilot reported a 10% loss in CO2 

injectivity and a 50% loss of water injection vs. the pre-gas water injection (Henry et al. 1981). 

As a result of the loss of injection pressure, cycles were observed in the composition observation 

well. Mobility was lower after CO2 injection than before, indicating that mobility control was 

good and also suggesting that reduced injectivity is an in-depth phenomenon rather than a near-

wellbore condition, such as skin or high gas saturation around the injector. 

4.1.3 Factors Affecting Injectivity: 

Some of the factors that affect injectivity of solvents into the reservoir during enhanced 

recovery process (Rogers and Grigg, 2001) are stated below;  

1. Low mobility in the tertiary oil bank significantly affects injectivity, especially for 

stimulated injection wells with non-stimulated producing wells. The closer the banks are 

to the injection wells, the more effect the lower-mobility banks have on the activity at the 

injector 

2. Salinity and pH may change reservoir wettability. Dissolved CO2 (carbonic acid) reduces 

the water pH. A lower pH causes less water-wet conditions. However, pore coatings may 

control wetting alterations in natural porous media. 

3. Wettability is a complex critical parameter in injectivity reductions. Wetting 

characteristics of the reservoir rock appear to be the most controlling factors of the 

operating strategy for an IOR process. Water-wet laboratory models indicate that gravity 

forces dominate, and the evolved operating strategy is continuous gas injection under 
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these conditions. Viscous fingering is a controlling factor in oil-wet conditions and 

suggests a WAG process with an optimum of equal, or 1:1, velocity ratio. Mixed-wet 

conditions indicate that maximum recovery is a stronger function of slug size. Injectivity 

losses owing to wettability effects on miscible flooding need to be further delineated. 

Wettability alteration caused by CO2 flooding has conflicting reports in the literature. In 

mixed-wet rocks, injected gas enters the high-permeability layers resulting in reduced 

water-injection rate owing to three phase and compressibility effects. Mixed wettability is 

suggested as a cause of low fluid mobility. Low injectivity in the carbonate reservoirs of 

west Texas is probably caused by the oil-wet or mixed-wet behavior of these rocks. 

4. Dissolution, precipitation, and particle invasion/migration during injection of CO2 and/or 

the WAG process, and their effects on the WAG process (if any), have not been proved 

or disproved conclusively. 

5. Trapping and bypassing of gas, like wettability, is a complex parameter in determining 

injectivity, possibly because of its link to wettability. There is a discrepancy in the 

literature as to the effect of residual oil saturation on the trapped-gas saturation. Bypassed 

or trapped oil causes three-phase relative permeability reductions, resulting in loss of 

injectivity. Trapping behavior and relative permeability depend on the ratio of flow rate 

to IFT. Mobile water in the reservoir may shield the in-place oil from being contacted by 

injected solvent. Optimum WAG ratio is fairly insensitive to any assumed level of oil-

phase trapping. Trapping appears to be more significant at the coreflood laboratory level 

and rapidly decreases at field scale. Rupturing the water film can significantly affect the 

trapped oil. Trapped-oil saturation in solvent processes has to be considered as a function 

not only of the water saturation but also of the solvent contact time or the flooding state. 
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Trapping and water-shielding of oil is significant in water-wet reservoirs. Trapped gas 

creates significant hysteresis effects and reduces relative permeability to water, especially 

in mixed-wet and oil-wet reservoirs. 

6. Oil and gas saturations present in a miscible flood act to lower the maximum attainable 

water saturation, resulting in reduced water mobility. CO2 relative permeability can be 

very small compared to oil endpoint relative permeability. Relative permeabilities in 

miscible gas-injection systems are dependent on the, saturation of that phase only. In the 

Prudhoe Bay mixed-wet system, the oil relative permeability is a function of oil 

saturation only. Gas relative permeability, as a function of gas saturation alone, may not 

be valid. CO2 injectivity is a decreasing function of the aqueous phase endpoint. 

Injectivity before CO2 breakthrough is a strongly decreasing function of aqueous phase 

residual saturation. 

7. Vertical heterogeneity and high permeability/porosity ratio (k/ϕ) layers can have 

significant effects on gas injectivity. Crossflow or convective mixing can increase CO2 

injectivity substantially, even in the presence of low vertical-to-horizontal permeability 

ratios. The dispersive mixing zone has low mobility and can reduce CO2 injectivity by 

augmenting total mobility and macroscopic oil bypassing resulting from reservoir 

heterogeneity. CO2 injectivity is an increasing function of increased transport in high-

permeability layers near the injection face. 

8. Mass-transfer contact time and miscibility development rate still appear to be in 

contention in the literature. 

9. The IFT correlation of gas relative permeability by the capillary number is being debated 

in the literature. Increasing the capillary number has been suggested to reduce hysteresis 
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effects in the relative permeability curve. Though low IFT is important for efficient 

recovery, zero IFT is unnecessary unless pore-throat size is small. 

 
4.2 Injectivity Loss during Pilot-Scale Demonstration of CO2 Injection in Citronelle Field  

 

During CO2 injection, four problems that could have significant bearing on the design of 

a commercial CO2 flood at Citronelle occurred: 

1. Excessive produced gas, primarily CO2, appeared at Well B-19-11, in the southwest 

corner of the inverted five-spot. 

2. On returning to water injection following the CO2 injection, the injection rate, which had 

been 170 bbl water/day before injection of CO2, decreased to approximately 60 bbl 

water/day. 

3. Excessive wear of the down-hole power oil pumps occurred, due to erosion by particulate 

matter mobilized by the CO2. 

4.  Oil production at B-19-8 Tank Battery decreased from its peak of 59 bbl/day in 

September 2010, at the end of the CO2 injection, to only 21 bbl/day in March 2011. 

 

              In the course of CO2 injection, major pumps problem developed which were solved by 

the engineering team. Having solved the problem with the pumps, the next problem being 

addressed is the low injectivity to water following CO2 injection. The key questions remaining to 

be answered are: (1) what are the causes of the marked loss in injectivity observed on switching 

from CO2 injection back to water, and can it be reversed? To address the critically important 

Item 1, the loss of injectivity to water following the CO2 flood, a 15-day-long pressure-transient 

test on the injection well, consisting of two cycles of shut-in and water injection, was conducted 
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from November 28 to December 12, 2011. The results of the analysis of this test were discussed 

in Chapter 3.  

             An injection profile test run on the injector in January 2012 established that 35% of the 

flow is to Sand 14-1 and 65% is to Sand 16-2, so neither injection zone is completely blocked. 

Treatment of injected water with surfactant, begun on July 25, 2012, has increased the recent 

water injection rate to an average of 120 bbl/day – this corresponds to a recovery of 55% of the 

initial loss following CO2 injection.  

              Early breakthrough of CO2 to wells B-19-11 and B-20-5 indicates major extension of 

the CO2 plume toward the east-northeast and the west-southwest. Accordingly, breakthrough 

occurred in wells outside the original inverted five-spot pattern employed in this study. All 

production wells in the area have been hydraulically fractured, whereas the injection well has 

not, to our knowledge, been hydraulically fractured. Observations from cores indicate that 

natural fractures in the Donovan Sand are extremely rare, and so induced fractures are the only 

known fractures that could affect the CO2 flood. The maximum horizontal compressive stress in 

the subsurface of Alabama is typically between an azimuth of 70 to 80o, and plume extension 

may have been close to this direction. One explanation of the early breakthrough is that the 

plume extended along induced fractures and was captured by wells favorably located along the 

maximum horizontal stress. Whether a fracture was induced in the injection well during water or 

gas injection is unclear, although the lack of natural fractures in the reservoir may indicate that 

the reservoir is under significant stress and can be fractured easily when pore pressure is 

increased. Regardless of the precise causes, unexpected plume extension has strong implications 

for the applicability of CO2-enhanced recovery in Citronelle Field and should be considered 

when selecting injection and production wells for enhanced recovery operations. 
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                  Analysis of the well test interference data showed that there is a hydraulic fracture 

adjacent to the injector having a total length of 600 to 1000 ft, in a zone having a permeability of 

only 0.4 mD. The estimates of fracture length and permeability are approximate, but the results 

strongly suggest the presence of a large, high-conductivity fracture in a very tight zone. The 

pressure-transient test does not provide any information about the direction of the fracture, but 

the most likely direction is that of maximum horizontal compressive stress in the Southeastern 

U.S., typically N70E to N80E. Two of the wells at which early breakthrough of CO2 was 

detected lie on the line at N69E relative to the injector. The fracture evidently provided a 

preferential pathway for CO2 and compromised its sweep efficiency. 

                An injection profile test run on the injector in January 2012 established that 35% of the 

flow is to Sand 14-1 and 65% is to Sand 16-2, so neither injection zone is completely blocked. 

Treatment of injected water with surfactant, begun on July 25, 2012, has increased the recent 

water injection rate to an average of 120 bbl/day, and this corresponds to recovery of 55% of the 

initial loss following CO2 injection.   
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Figure 4.1: Approximate trends of hydraulic fractures at production and injection wells 
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CHAPTER 5 

CALIBRATION SIMULATIONS WITH REALISTIC GEOLOGIC MODELS  

The original simulation study summarized in Chapter 2 assumed a highly idealized 

geologic model and injection pattern. The reality was vastly different. Shortly after completion 

of the original simulation study, Denbury Resources provided a net pat pay map for Sand 16 in 

the pilot area, as shown in Figure 5.1, which was quickly followed by a set of cross sections 

developed at the Geological Survey of Alabama (a sample of which is shown in Figure 5.2. 

 It was quite clear from these respective studies that using idealized models was very 

inappropriate, so the reservoir engineering team began to create a comprehensive 3D model of 

plausible sand continuity. These efforts led to many possible/plausible models, an example of 

which is shown in Figure 5.3. A close examination of this 3D model identifies a surprising 

possibility. All of the previous studies for Citronelle presume that all of the sand bodies are 

isolated. The 3D reconstruction suggests the possibility of spiral (alternating-direction-stacked) 

continuity. Such continuity could very reasonably explain the high levels of similarity of the very 

unusual fluid properties throughout the reservoir. 
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Figure 5.1: Denbury Resources interpretation of Sand 16 net thickness in pilot area 
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Figure 5.2: Sample cross section, one of many, for GSA interpretation of sand continuity in the 
pilot area. 
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Figure 5.3: Sample 3D model for sand continuity in the pilot area 

 

After nearly 18 months of attempts, we successfully completed several fine-scale 

simulations of 50 years of waterflooding in the pattern area with our newly-developed, open-

source simulator nSpyres. These simulations use a regular grid with Nx=Ny=200 and 

Nz=number of layers=205, for a total of 8.2 million cells. The dimensions of each cell are 52.8 ft 

by 52.8 ft by 1 ft. This grid has wells located as shown in Fig. 5.4. 

The primary purpose of these fine-grid waterflood simulations is to help assess plausible 

water migration and saturation tendencies in this system prior to CO2 injection. In particular, we 

will look for local (hydrodynamic high) oil trapping, and water vertical movement through 
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complicated, corkscrew-like connectivity. This complicated communication is difficult to spot 

with cross sections or static 3D views like Fig 5.5, but is quite clear when rotating views.   

In the first of our tests, we have partitioned the reservoir into two regions, one for pay 

(35% of volume) and the other (65% of volume) “not-pay.” The external portions of the pay 

regions are easy to see from Fig. 5.5, where the green isosurface bounds these volumes. The 

shape of the grid is indicated by the gray surfaces. Everything within the grid not bounded by the 

green isosurfaces are non-pay cells. The “not-pay” has perm of 1.0E-08 mD and porosity of .001, 

while the pay has porosity of 15.4%, horizontal permeabilities of  7 mD, 10 mD and 15 mD, 

respectively, for each run. Vertical permeability is one tenth of horizontal permeability. Despite 

the poor reservoir quality of the non-pay regions, all cells are active in the simulation runs. 

Some results of these initial simulation runs are shown in Fig. 5.6 – Fig. 5.8. The images 

in Fig. 5.6, which highlight injection well areas and volumes swept by injection water, suggest 

little water migration due to density differences. Figure 5.7 confirms the expected trend of 

increased production rate with increased permeability, and Figure 5.8 confirms the expected 

trend of increased fractional flow with increased pore volumes of water injected. This region of 

the field has rates consistent with the 7-md case, but the water fractional flows are far too low. 

High capacity channels exist, as clearly demonstrated by the early breakthrough of CO2 in our 

test. Some of the channeling is due to fractures in the wells and natural high-permeability zones.  

Now that we have a simulator capable of large-scale solutions, we will use it to give us 

the best diagnosis for what happened to the injected CO2. The next phase of our simulation study 

will be to apply some geostatistical methods to generate permeability distributions that lead to 

high-flow-capacity zones. We will also enhance local directional permeability around some wells 

to mimic the effects of hydraulic fractures around the wells.   
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Figure 5.4a: Structure contour  

 

 

Figure 5.4b:  Well locations in pilot area 
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Figure 5.5: Volume representation of pay zones and structure in pilot area, for one plausible 
realization of the zones. 
 

 

 

  

Figure 5.6: Sample simulation water saturation isosurfaces after 50 years of water injection for 
the 7 mD permeability case – the left side highlights the high saturation zones around the 
injection wells, and the right side highlights almost all the volume with any water. The structure 
gets lower from left to right in each image 
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Figure 5.7: Total oil production versus time from the pilot area for the 3 simulation results 

 

 

Figure 5.8: Total water fraction versus time from the pilot area for the 3 simulation results 
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CHAPTER 6 

CONCLUSIONS 

The CO2 injection pilot has not resulted in any new recovery, and perhaps that is a 

disappointment to most of the project team. Still, this project has helped identify many crucial 

characteristics for consideration in a comprehensive CO2 project for Citronelle: 

1. The loss of injectivity after converting back to water suggests that the water-alternate-

gas strategy will not work well here This is no great deal, since all preliminary designs 

suggest continuous CO2 injection gives the best recoveries 

2. Whether natural or induced, fractures dominate the flow behavior in the reservoir 

3. Any realistic design must explicitly and carefully consider the effects of fracturing on 

flow paths and overall flood performance 

4. None of the information on fractures or injectivity loss would have been available 

without this pilot - with 100+ Million barrels of oil at stake, the pilot clearly 

demonstrated its value 

5. The project identified many operational issues which will need thorough consideration, 

including down-hole pumps, well integrity, and difficulties with data collection due to 

the mixing of “power oil” with produced oil.  
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