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ABSTRACT 

 

 

The world is on the verge of energy crisis due to rising demand for fossil fuel to meet 

domestic and industrial energy requirements. In order to meet the rising fossil fuel need, the 

development of a framework for enhanced hydrocarbons recovery from mature reservoirs should 

be given a high priority given the fact that 70% of world oil production comes from mature 

reservoirs.  

The objective of this research project is to develop a framework for enhanced 

hydrocarbons recovery from mature reservoirs using Big Escambia Creek (BEC) field as a case 

study. This developed framework is hinged on accurate characterization of reservoir rock and 

fluid properties, successful modeling of variation of average reservoir pressures with time, and 

presentation of existing well models and how to appropriately represent them in numerical 

simulators to ensure performance of successful reservoir simulation studies.    

In order to ensure successful development of a framework, the Smackover reservoir 

portion of BEC field was comprehensively characterized to delineate the porosity and 

permeability profiles of the field using laboratory measured porosity and permeability data, as 

well as well log porosity data. In addition, the average reservoir pressure, which is required to 

estimate initial hydrocarbon in place, estimate hydrocarbon reserves, and monitor reservoir 

performance, was modeled with a decaying exponential function using static bottom-hole 

pressures available for some wells on the field.  
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Furthermore, accurate modeling of reservoir fluid using available commercial fluid 

simulators, such as PVTi, was impossible due to high concentration of acid gas. Therefore, least 

square optimization technique was used to accurately model the fluid. The reservoir fluid PVT 

properties obtained through this technique were used successfully to estimate initial hydrocarbon 

in place and determine aquifer influence on BEC field using material balance calculations. The 

original hydrocarbon in place of 1.502 Tcf of gas obtained was in perfect agreement with earlier 

estimates made using pressure decline data and volumetric calculations.  

 On the basis of this developed framework, simulation studies for enhanced hydrocarbons 

recovery could be performed on BEC field and other fields with similar rock and fluid properties 

in USA and around the world.  
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                                                                   CHAPTER 1 

INTRODUCTION 

Natural gas has become an important source of world energy and is projected to be the 

fastest-growing component of primary world energy consumption. As stated in BP Statistical 

Review of World Energy, natural gas currently provides approximately a quarter of the energy 

requirement of the world and this quota is expected to increase significantly. In 2010, global 

natural gas production grew by 7.3%, while world natural gas consumption and global natural 

gas trade increased by 7.4 % and 10.1 %, respectively (BP, 2011).  

 Natural gas has become one of the most desirable sources of energy given that it is the 

cleanest of all fossil fuels. The rapid increase in worldwide demand for natural gas has resulted 

in significant growth of international gas trade, thus, stimulating long-term sales contracts. Gas-

condensate reservoirs are viable sources of natural gas supply; therefore, it is imperative to 

accurately predict the long-term production performance of gas-condensate reservoirs with a 

view to obtaining the desired production rates to meet contractual gas supply obligations. 

In order to obtain desired production rates, it is important to keep the reservoir pressure 

above the dew point. For a typical gas-condensate reservoir with reservoir pressure above the 

dew point line, the reservoir fluid remains as gas with constant composition during depletion. 

However, below the dew point line, retrograde condensation starts to occur.  

Condensate banking reduces the relative permeability of the gas and acts as a partial 

blockage to gas production. A good indication of condensate banking is a rise in the production 
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gas-oil-ratio (GOR) or a decline in the condensate yield of the well (Xiao and Ahmad, 2004). 

Condensate banking leads to considerable reduction in well deliverability and well rate for gas-

condensate reservoirs (Aflidick et al., 1994; Barnum et al., 1995; Rahim et al., 2002).  

In view of the complex nature of most reservoirs, predictions of the performances of 

various reservoirs require accurate modeling and characterization of reservoir rock and fluid 

properties. Performing recovery analysis and evaluating reservoir performance in the oil and gas 

industry are predicated on accurate reservoir characterization. The prediction of the performance 

of a reservoir under enhanced hydrocarbon recovery requires modeling of the average reservoir 

pressure over time in combination with modeling of in-situ fluid properties, and accurate 

characterization of the reservoir. Furthermore, the characterized reservoir must honor the 

variability and heterogeneities inherent in the formation rocks. The accurate modeling of the 

performance behavior of a gas-condensate reservoir will aid in decision making regarding 

optimum field development strategy and precise prediction of future production.  

The accurate use of numerical simulators, such as compositional simulator, to 

successfully perform numerical modeling of gas and condensate flow through porous media in 

an oilfield containing oil and/or gas wells not only depend on accurate characterization of the 

reservoir and modeling of the changes in fluid composition at pressures below the dew point line, 

but also significantly depends on the accurate modeling of these wells in the simulator. In 

conducting numerical modeling of these wells using a field scale numerical simulator, one is 

faced with inherent difficulty stemming from the fact that regions closest to the wells have the 

steepest pressure gradients, coupled with having smaller spatial dimensions relative to that of the 

associated computational grid cells.  More so, pressures calculated by numerical methods for the 

well blocks in which the wells are situated differ substantially from the flowing bottom-hole 
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pressures of the wells being modeled. Therefore, successful modeling of oil and/or gas wells in a 

numerical simulator depends on satisfying two key requirements. First, accurate well equations 

for precise modeling of flows into wellbores need to be developed. Second, bottom-hole well 

pressures should be calculated if production or injection rates are known or vice versa (Ewing et 

al., 1998).   

The studies conducted are presented in five different chapters. Chapter Two explores 

recent advancement made in the development and representation of conventional and advanced 

well models in reservoir simulators for simulating fluid flow in porous media since the last 

review conducted on the subject by Demetri and Farouq (1993). Major advancement in well 

models development, performance limitations, and major factors that contribute to the observed 

limitations are emphasized. In addition, perspectives on the development of next generation well 

models that are suitable for efficient, comprehensive, faster, and highly scalable next generation 

reservoir simulators with enhanced computing capabilities are advised.  

Chapters Three – Six focus on integrated reservoir characterization and modeling 

approach to develop a framework for enhanced hydrocarbons recovery from mature gas-

condensate reservoirs using Big Escambia Creek Field as a case study. Chapter Four provides a 

critical review of literature that provides support for the conceptual framework of this research 

project. In Chapter Five, a detailed field-wide production performance analysis for Big Escambia 

Creek Field was performed to explore the spatial relationship of reservoir properties that will 

facilitate understanding of some latent reservoir characteristics. In Chapter Six, the use of least 

square optimization technique with Dranchuk-Abou-Kassem for characterizing highly sour 

reservoir fluid with high acid gas concentration, such as the fluid from BEC Field was discussed.
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CHAPTER 2 

* REVIEW OF WELL MODELS AND ASSESSMENT OF THEIR IMPACTS ON 

NUMERICAL RESERVOIR SIMULATION PERFORMANCE   

Francis A. Dumkwu, Akand W. Islam, Eric S. Carlson 

Department of Chemical and Biological Engineering  

The University of Alabama, Tuscaloosa, AL 35487, USA 

 

Abstract    

Reservoir simulators have long become primary reservoir engineering tools for 

simulating fluid flow in porous media, recovery analyses, and performance evaluation in the oil 

and gas industry. This review focuses on recent advancement in the development and 

representation of conventional and advanced well models used in reservoir simulators for 

simulating fluid flow in porous media since the last review on the subject (Demetri and Farouq, 

1993). Well models have been developed to different degrees of sophistication resulting in 

significant positive impact on numerical reservoir simulation performance. In spite of the 

complexities of these developed well models and the successes recorded with them in predicting 

well and reservoir performances, some predictions made with them in some cases do not match 

actual field performances. The major factors contributing to these observed limitations of these 

well models are emphasized and future perspectives on the development of next generation well 

models which are suitable for more efficient, comprehensive, faster and highly scalable next 

generation reservoir simulators with enhanced computing capabilities are advised.  

 

* Journal of Petroleum Science and Engineering (2012): 174 -186.



 

5 

 

2.1 Introduction 

 
Alexander and Chappelear (1981) defined a well model as an analytical model used in 

reservoir simulation system to represent fluid flow within a grid block as it enters or leaves a 

well. In reservoir simulation, the basic objective of a well model is to supply source and sink 

terms to the reservoir model (Jonathan Holmes, 2001). 

 It has long been noted by researchers that unless a well is centrally-positioned in a 

cylindrical coordinate, it was unfeasible to represent it with an internal boundary. This is due to 

the fact that the ratio of wellbore radius to the expected grid-block length is large. As noted by 

Settari and Aziz (1974), if the size of the grid block is far larger than the size of the well, the 

pressure of the grid block computed by the reservoir will not be a good approximation of the 

well pressure. Alexander and John (1981) stated that even when it was practicable to use very 

fine grids to represent a well as an internal boundary, other factors, such as partial perforation, 

partial penetration, and skin which are relevant to local flow needed to be considered. In light of 

this development, an alternative technique for representing wells was developed. In this new 

technique, wells are approximately represented as a source function in a simulator. The idea to 

represent a well as a source in a simulator was first proposed by Schwabe and Brand (1967). 

According to Alexander and John (1981), “The relationship between the strength of this source, 

the wellbore flow, and the flow in the surrounding grid blocks comprises an essential part of the 

well model. The source representation of a well can be described as a local, approximate, steady, 

and singular solution of fluid flow equations”. Sandface pressure and flow rate are typical 

boundary conditions for a well model. 

A Numerical Reservoir Simulator has long become a primary reservoir engineering tool 

used by Reservoir Engineers to conduct reservoir simulations, which are useful for making large 
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capital decisions, estimate reserves, and to diagnose and improve on the performance of 

producing reservoirs in the oil and gas industry. The reservoir is represented by gridblocks on the 

simulator. A numerical simulator is deployed for the computation of pressure on a grid block 

which is representative of the average pressure of the surrounding gridblocks. A well model is a 

key component in any reservoir simulator as it supplies a set of realistic boundary conditions for 

the computation of pressure distribution in a reservoir. For the modeling of a well in a reservoir 

simulator, a well model is required to relate the well flow rate to the well pressure and the 

gridblock pressure containing the well. Two types of well models that are currently being use in 

numerical simulators for the simulation of petroleum reservoirs are namely conventional and 

advanced well models. 

Conventional well models treat the wellbore as a single unit within the model. It is used 

to provide a detailed analysis of fluid flow in standard vertical and deviated wells. Conventional 

well models are developed to analyze well pressure responses based on certain fundamental 

concepts (Erdal Ozkan, 2001). A conventional well model does not give acceptable accuracy 

when used to model advanced well models since it does not accurately represent all physical 

processes taking place in the wellbore (Holmes et al., 1998; Holmes, 2001; Jody, 2002).  

The advent of horizontal and multilateral drilling technology, as well as complex 

wellbore configurations due to the implementation of intelligent completion systems has 

necessitated the development of increasing complex well models for use in reservoir simulation. 

Advanced wells, such as horizontal, multilateral, and smart wells are characterized by complex 

geometries, increased length of perforated intervals, and presence of control devices downhole in 

smart wells. More so, advanced well models are formulated to correct the limitations of 

conventional well models through a detailed representation of wellbore composition, rate, and 
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pressure distribution. Unfortunately, despite the sophistication of these advanced well models 

and the successes recorded with them, some predictions made with them in some cases do not 

match the actual performance. This limitation is caused by the uncertainties inherent in the 

assumptions made during their formulations (Mullane et al., 1996; Aziz et al., 1999).  

 In order for the reservoir simulator to provide accurate results, both conventional and 

advanced well models must be able to predict well performance accurately over the life time of 

the reservoir. This review focuses on the major milestones recorded in the development of 

conventional and advanced well models used in numerical simulators for conducting reservoir 

simulation, the major limitations of these models, assessment of their impacts on reservoir 

simulation performance, and future perspectives on the development of next generation well 

models which are suitable for more efficient, comprehensive, faster and highly scalable next 

generation reservoir simulators with enhanced computing capabilities. 

 

2.2 Representation of Conventional Wells in Numerical Reservoir Simulators 

In numerical reservoir simulation, the reservoir is represented by gridblocks on the 

simulator. Thus, the simulator is an invaluable tool for the computation of pressure on a grid 

block, which is representative of the average pressure of the surrounding gridblocks. Well 

models are used to relate the rate of flow of fluid to or from a well to the difference between the 

wellblock pressure and the flowing wellbore pressure. During the formulation of conventional 

well models certain assumptions are made based on certain fundamental concepts (Erdal 

Ozkan, 2001). Firstly, a conventional well is assumed to be a line-source and an infinite 

conductivity wellbore. This assumption is justified on the basis that the magnitude of the 

pressure drop in the wellbore is negligibly small compared to the magnitude of the pressure drop 
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in the reservoir. Secondly, a conventional well is assumed to contain a single lateral withdrawing 

fluid along its entire length. Thirdly, a well is assumed to have a skin region that is uniformly 

distributed along the well. 

2.2.1 Default Well Model Representation in a Numerical Simulator 

 Peaceman (1978) showed that the grid pressures obtained in the numerical simulation of 

a single-phase flow into a single well completed at the center of a square gridblock is equal to the 

actual flowing pressure at a radius of 0.2 x . This radius is called the equivalent wellblock 

radius and it is the radius at which the steady state flowing pressure for the actual well is equal to 

the numerically calculated pressure for the well block. In terms of the equivalent radius the 

steady state pressure distribution around a well, op , and the well flow rate, q, are given by the 

expression:          













w

o

wfo

r
r

ppkh
q

ln

2




                 (1) 

This model assumes a radial flow around the well so that a logarithmic relation is satisfied 

between the wellblock pressure op  and wellbore pressure wfp . Equation 1 is Peaceman’s well 

model and it is usually the default well model in a general reservoir simulator.  

For wells with different geometric orientation in the gridblock, the value of the equivalent 

radius changes from that of the default value shown in equation 1. A new equivalent radius, 

or could be derived and substituted into equation 1 taking into consideration well geometries, the 

location of the well within the grid block, the number of wells located in a grid block, the degree 

of well penetration, the nature of the permeability of the porous media in which the well is 

located, and multiple wells flowing with arbitrary rates (Peaceman, 1982, 1983, 1987, 1990; 

Shiralkar, 1988, 1989). 



 

9 

 

2.2.2 Non-default Conventional Well Model Representation in a Numerical Simulator 

 A non-default well model is any well model with a value of equivalent radius different 

from Peaceman’s default value given in equation 1. Well models are represented as a source and 

sink term in a simulator and the relationship between them can be characterized by an inflow-

performance relationship (Alexander and John, 1981a, 1981b). This inflow performance 

relationship holds true for a well completed in more than one grid cell. A typical conventional 

well model used in a simulator usually has a well rate relationship (Fung et al, 2001) for any 

hydrocarbon specie i in moles/day given by: 

  
1

nly

i k o o i g g i k bh well k

k

Q WI x y p p dz  


                 (2) 

Equation 2 portrays the inflow rate for each fluid as proportional to the drawdown, the fluid 

mobility , and well index or connection transmissibility factor (WI). Well index accounts for 

well pressure losses within the grid cell due to radial inflow into the well (Peaceman, 1983). 

Furthermore, as noted by Wolfsteiner et al. (2001) well index accounts for the geometry of the 

gridblock, location, and orientation of the well segment in the gridblock, and rock properties. 

The wellbore pressures at each grid-cell completion are related by an approximate hydrostatic 

pressure difference in the wellbore. Typically the hydrostatic pressure is calculated from the 

average density of the fluid mixture in the wellbore or more precisely from the local density of 

the fluid mixture in each section of the wellbore between adjacent grid-cell completions. For this 

simple well model, a single variable analogous to the well’s bottomhole pressure indicates the 

state of the well and for any given set of reservoir conditions, the bottomhole pressure constraint 

equation, which exactly preserves the target rate of the well, can be obtained easily. If a well is 

constrained to operate at a given oil-rate target, the sum of the oil inflow rates from each 

completed grid-cell must equal the target oil rate (Jonathan, 2001).   
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  Since the last review on the subject (Demetri and Farouq, 1993), appreciable progress 

has been made with respect to the development and representation of well models for reservoir 

simulation. Chen et al. (1995) presented analytical models which can be coupled to a 

conventional finite difference simulator for the accurate computation of flowing bottomhole 

pressure for vertical, horizontal, and slanted wells situated in an infinite slab, homogeneous or 

anisotropic uniform permeability reservoir with a single phase fluid flowing through it. The 

analytical expression for calculating flowing bottomhole pressure for a well is given by: 
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                 (3) 

The conventional finite difference simulator numerically computes flowing bottomhole pressure 

for a well from the expression: 
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A pseudo skin factor, s, can be computed by substituting the analytical and numerical flowing 

bottomhole pressures obtained from equations 3 and 4, respectively, into equation 5. 

   qBCpphks
NumAnal wfwf .../..                 (5) 

The pseudo skin factor is used to account for the well deviation angle and the effect of partial 

penetration of wells.  

 Lin (1995) developed new models for partially penetrating vertical wells with any 

number of perforated intervals in isotropic, anisotropic, layered, or 3D, in heterogeneous 

reservoirs using non-uniform grids. These models have capability for accurately simulating non-

uniform flux distributions along perforated intervals. As stated by Lin, these models generate a 

constant well index for each perforated layer based on the quasi-steady state conditions earlier 
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established for unsteady state flows. The well indices generated depend on the permeability 

distribution in the neighborhood of the well, reservoir thickness, wellbore radius, and the 

locations of perforated intervals. For a heterogeneous reservoir, it was further observed that the 

calculated well indices and the rate distribution along the well were greatly controlled by the 

subgrid permeability distribution near the wellbore.  These models were utilized in a coarse-grid 

simulation and the generated fluxes were agreeable (within 1% error) to that obtained using fine-

grid solutions.  Dogru Ali (2010a) developed a new analytical expression for calculating the 

equivalent well radius in a homogeneous, anisotropic reservoir with a uniform square grid 

around the well path. This new expression has a similar structure as that of Peaceman’s equation, 

but with a new parameter introduced to account for partial penetration and for vertical flow. 

Furthermore, Dogru Ali (2010b) presented a new analytical expression and a simple numerical 

procedure for calculating the equivalent well radius and well index for non-uniform grids for 

homogeneous, anisotropic reservoirs or completely heterogeneous reservoirs for a partially 

penetrating vertical well.   

Peaceman (1995) developed an equation that quantitatively addressed the question of 

how the value of equivalent radius is influenced by the interaction between wells completed in 

separate wellblocks flowing with arbitrary well rates. The equivalent wellblock radius of each 

well, m, in a reservoir with wn wells is given by the expression: 
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Equation 6 takes into account the interaction among all the wells and it is valid both for steady 

state and pseudosteady state conditions. Peaceman (2003) presented a general equation for 

calculating the well index (WI) of each well, m, in a reservoir with nw wells flowing with various 
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rates. This model takes into account arbitrary wellblock flow rates and the interaction between 

wellblocks. Thus an accurate well index can be computed for each wellblock at each timestep, 

irrespective of whether or not the well rates vary with time. For well m, WI can be calculated 

from the equation: 
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1111
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k

mm WIWIq

q

WIWI
         m,k = 1,2, …, nw                              ( 7) 

Where nw is the total number of wells in all the blocks, k is the index for all the other wells, mq  is 

the rate of well m, kq  is the rate of well k, mWI  is the well index of well m acting alone and 

mkWI  is the well index of well m in the presence of only one other well, well k, producing at the 

same rate. 

 (Peaceman, 1990; Ho-Jeen, 1995) developed analytical models for representing off-

center wells. Agaev (1996) presented an improved technique for modeling off-center well in 

multidimensional reservoir simulation. With this improved technique, the exact position of off-

center well can be located in a gridblock. The model also accounts for the influence of 

neighboring gridblocks. This new technique helps to improve the accuracy of simulation results 

and reduces the computing time required for full field reservoir simulation using coarse grids.  

 In reservoir simulation using finite difference scheme, numerical productivity indices 

(PI) are used to relate wellblock, wellbore pressures, and the flowrate of a well. This technique 

was based on the concept of equivalent wellblock radius and this model works fine for uniform 

grids. However, for non-uniform grids the equivalent wellblock radius may result in error when 

computing wellbore pressure or oil flowrate. Yu et al. (1994) developed a well model based on 

finite volume approximation in which the analytical solution for near-well pressure is included 

via modified transmissibilities between gridblocks so that flow around a vertical well is 
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completely described. This new technique does not require an equivalent wellblock radius but 

rely on accurate computation of new interblock distances (Fig 2.1) which are helpful in 

improving modeling of flow in proximity of the well. The interblock distance 1,eqL is given by the  

expression
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For a square gridblock, the interblock distance is obtained from the relation 
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For anisotropic systems, interblock distance is given by: 

 
1

2

,1 1/2

1/2

ln
1 / 2

2

w x y
o y

eq
x o x

o y

x

r k ky k
L

k y k
arctg

x k








             (10)

 

 

                          Fig. 2.1: Wellblock Pressure Calculation. 
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This new technique is particularly suited for use in both non-uniform grids and non-

isolated wells. Yu et al. (1998) extended the previous technique to include off-center wells and 

flexible grids. The modified model allows the use of productivity index and equivalent wellblock 

radius. In a typical reservoir simulator, the PI is given by 
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Wellblock transmissibilities in conventional models are given by  
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In the modified well model it is possible to obtain the pressure op  corresponding to the 

equivalent wellblock radius or  through the use of equivalent wellblock transmissibilities which 

relates  op  to the pressures of adjacent blocks through equivalent interblock distance ieqL , .  
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The equivalent interblock distance, 1,eqL  is related to the equivalent wellblock radius through the 

equation: 
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Where oy  and ox  are the wellblock dimensions. The new technique can be implemented 

easily in a conventional reservoir simulator by multiplying the conventional wellblock 

transmissibilities given in equation 12 by constant factors i given by the relation: 

 

i

ieq

i
T

T ,


        (15) 

The wellblock pressure oP calculated from the equivalent transmissibilities equation corresponds 

to the equivalent wellblock radius which is involved in transmissibility calculations. The 

relationship between the computed wellblock pressure and the wellbore pressure can be 

established through the conventional productivity index equation given in equation 11. This 

method allows improvement to be made on the accuracy of both well performance and the 

numerical scheme. It is also applicable to any 3D well geometry, including multilateral wells 

located in any type of grid.  

 Ding et al. (1998) improved on the well model developed by Yu et al. (1994, 1998) by 

modifying the transmissibilities in order to make it suitable for modeling complex wells with 

distorted gridblocks. He proposed a control volume method which can accurately handle both the 

well performance and the flux calculation in proximity of the well.   

For commonly used flexible grids in reservoir simulations, it has been observed that the 

gridblocks in the vicinity of the well are usually significantly large compared to the wellbore 

radius, especially in field applications. Furthermore, the gridblock sizes increases geometrically 

in the radial direction outwards from the well (Heinemann et al., 1989; Fung et al., 1991; 

Edwards and Rogers, 1994; Aavatsmark et al., 1998, 1998). To improve on the standard 

linear approach for the near-well modeling of vertical wells using flexible grids, Ding and 
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Jeannin (2001) proposed control-volume technique based on logarithmic approach. He 

presented a multi-point and two-point flux approximation schemes which can help reduce the 

flux truncation errors for the point source “singular” solution calculation, thus enhancing the 

accuracy of the fluid flow modeling in the near-well region. 

 The accurate prediction of well deliverability using appropriate well models in reservoir 

simulators strongly depends on how the near-well flow restrictions, such as mechanical skin, 

partial completion, altered formation caused by residual completion fluid or liquid dropout, and 

non-Darcy flow effects are represented as well as how they are permitted to interact with each 

other in the reservoir simulation model. The conventional method computes the effective total 

skin as a lump sum of individual components without accounting for the effect of nonlinear skin 

interactions among near-well flow restrictions. The skin interactions are nonlinear and often 

multiplicative (Hwang, Odeh, 1995); therefore, the effective total skin is much larger than that 

computed through conventional method. Hwang (2000) proposed total skin equations for 1D and 

2D reservoirs which accurately represent nonlinear interactions among the near-well flow 

restrictions. These equations are used to quantify the effect of different well models on 

productivity index and the obtained results can be compared with that obtained from direct 

simulation. The proposed effective total skin factor ST for a vertical wellbore in a 1D radial 

homogeneous reservoir is given by the algebraic equation: 

 

  d

p

I

i

r

rg

m
a

p

pT S
h

h
iD

k

S
S

h

h
SS

2

11

1
1





































 


           (16) 

      
i

iirga rrikS 1ln11               (17) 

      iiwr rrriiD 111 1                (18) 



 

17 

 

e wr r , and the effect of the converging flow stream on non-Darcy flow is ignored. Moreover, 

 indirectly accounts for the effect of V

H

k
k

ratio on 
TS and it is often ignored by assuming  =1; 

where  is an adjusting factor with 1  , h is total formation thickness, 
rD is relative non-Darcy 

skin coefficient, S is skin factor, and rgk is gas relative permeability. 

For 2D multilayer cases with crossflow, the effective total skin factor ST is computed from the 

equation: 
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where i run for all open layers,  ikrg

1
 is the r-direction gas permeability in cell 1 of the layer. 
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I is the number of altered zones in all radial direction in the reservoir, and  ikh  is the layer flow 

capacity. Moreover, the contribution of each layer’s mechanical skin  iSm   is appreciably 

reduced via the harmonic averaging process.      

A number of techniques developed for solving pressure equation in oil reservoir models 

containing a slew of wells require computational meshes that conform to the wells. Baumann et 

al. (1999) developed a well model which accurately computes the pressure distributions void of 

mesh clustering around the wells. This well model is based on a generalized finite element 
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method which has no special basis function. Thus, the new discretization technique takes into 

account all the important parameters that characterize the near-wellbore pressure distribution. 

This model was validated through a pressure maintenance study conducted on Kern River field, 

Texaco, containing more than 6000 wells. The result obtained from this study using this 

proposed technique agreed with that obtained from analytical method.  

Reservoir simulation numerical scheme can be targeted for parallelism to ensure 

excellent simulator scalability to a large number of processors. In parallel computation utilizing 

many processors, grid cells are partitioned into various processing units, thus a single well can 

traverse several grid cells accommodated in multiple processors where information regarding 

well inflow must be assembled to construct the well constraint equations. Therefore, it is 

essential that the modeling of wells for such parallel computing be done in an accurate and 

robust manner. In mega-cell simulation, wells can be perforated in sundry layers referred to as 

well cells whose individual inflow contributions make up the total target rate. More so, the layers 

productivity indices can vary widely and the well cells communicate via the wellbore pressure 

conditions. For a time step to converge, the material balance equations for all grid cells and the 

well constraint equations active at that specific time step must be satisfied. Larry et al. (2005) 

developed a set of well constraint equations in the context of parallel mega cell reservoir 

simulation. He presented explicit well model, semi-implicit well model as well as Fully-Implicit 

Fully-Coupled well model which is the favorite well model used in majority of modern implicit 

reservoir simulators. 

Fully-Implicit Fully-Coupled well model for the oil rate constraint is given by the 

expression: 

 1 1 1
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This well model is solved simultaneously with other material balance equations to obtain well 

bottom-hole pressure, bhP . The well gradient well  is computed at the initial time step and is kept 

constant over the Newtonian iterations. The basic form of the well constraint equation remains 

the same even when the well operates under a variety of possible constraints. 

There is currently an increasing quest for faster, more efficient, more comprehensive, and 

highly scalable next generation reservoir simulators with enhanced computing abilities. A high 

resolution reservoir simulator is vital for better definition and description of fluid flow in a 

reservoir for improved field development. Such a new scalable parallel reservoir simulator 

requires a comprehensively formulated well model which, among others, can handle global 

phase-component partitioning.  In such a system, provisions should be made for multiple 

components and phases to exist as well as allowing any component to exist in any phase. 

(Holmes et al., 2010; Guyaguler and Ghorayeb, 2006; DeBaun et al., 2005). 

 

 

2.2.3 Limitation of Conventional Well Models 

Before the development of advanced well models specific for modeling horizontal, 

multilateral, and smart wells, conventional well models were used to provide the source and sink 

functions for numerical simulators. However, it was observed that these models did not give 

accurate simulation results in view of the fact that they were not comprehensive enough to 

adequately represent the physics of the processes taking place in these wells (Holmes et al., 

1998; Holmes, 2001; Jody, 2002).  

This inherent limitations suffered by conventional well models are caused by two major 

factors.  First, the pressure gradient within the wellbore at formation level is limited to an 
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approximate hydrostatic head computation, thus ignoring pressure loss due to friction. In the 

same vein, the effect of slippage between the wellbore fluids is neglected in the calculation of 

hydrostatic head; thus, the computed hydrostatic gradient based on an assumed homogeneous 

density of the fluid mixture in the wellbore is not accurate. The assumption of a homogeneous 

density for the fluid mixture in the wellbore is a wrong one considering the fact that different 

fluid that makes up the mixture flow with different velocities. 

Second, there is a high tendency for crossflow to occur when a well, completed in two or 

more poorly communicating regions of the formation, have appreciably differing pressures. 

Cross flow is expected to occur in this producing well in view of the fact that some fluid flows 

into the well from the high-pressure regions, and others flows back out into the low-pressure 

regions. Despite the occurrence of crossflow, a single set of variables is still used in conventional 

well models to represent the entire contents of the wellbore within the formation. This practice 

stems from the assumption of a completely mixed fluid in the wellbore. This assumption is not 

accurate since the fluid mixture flowing back into the formation does not represent the average 

content of the wellbore. To ensure accurate modeling of crossflow, the simulator must calculate 

both the reinjection rate and the composition of the injected fluid mixture. The injected fluid 

composition should reflect that of the fluid mixture in the wellbore, and this would depend on 

inflow into the producing completions and the rate of injection from the surface for injection 

wells. 

2.3 Representation of Advanced Wells in Reservoir Simulator 

 The development of complex wellbore configurations due to the implementation of 

intelligent completion systems coupled with the advent of horizontal and multilateral drilling 

technology necessitated the development of increasingly complex well models for use in 

reservoir simulation. Advanced wells, such as horizontal, multilateral and smart wells are 
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characterized by complex geometries, increased length of perforated intervals and presence of 

control devices downhole in smart wells. Furthermore, it is formulated to accommodate the 

incorporation of a detailed representation of wellbore composition, rate, and pressure 

distribution. Complex wells often contain a mixture of complex devices, such as flow and inflow 

control, as well as pumps, which helps to increase sweep efficiency of reservoir fluids, improve 

well cleanup, and delay water or gas breakthrough into the producing well. Complex well models 

are formulated to accomplish the following objectives: 

 To accurately model multilateral wells alongside their comingling branch flows. 

 To provide an accurate description of multiphase flow in a wellbore. 

 To account for pressure drop due to friction, hydrostatic, and acceleration as well as 

velocity difference between the phases due to slip. 

 To simulate flow control devices downhole of the well. 

Horizontal and multilateral wells are introduced in ever increasing numbers into modern 

reservoir development. The application of horizontal technology becomes more varied and 

widespread as the cost of well configurations declines. In some cases horizontal technology is 

the preferred solution for poor-reservoir-quality formations (e.g. tight-gas reservoirs). Horizontal 

wells increase well productivity by increasing the reservoir-to-wellbore exposure. In the same 

vein, multi-lateral holes from the same vertical wellbore accentuate this productivity with even 

greater formation exposure. Dittoe et al. (1996) gave very simple definitions of horizontal, 

vertical and multi-lateral models as shown in Fig. 2.2 (a, b, c). L-Biao and Aziz (1998) first 

introduced a popular arbitrary configuration and trajectory of multi-lateral wells as in shown in 

Fig. 2 (d) which later was used in modeling investigations (Wolfsteiner et al. ,2000).  
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(a)                                                                     (b) 
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Fig. 2.2: (a) Horizontal well, (b) Vertical well, (c) Multi-lateral well, (d) arbitrary configuration 

of multi-lateral well
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Gigzer et al. (1984) presented the inflow performance of an open hole horizontal well 

which was expanded by Joshi (1988). Joshi’s solution is expressed as:  
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for  aniL I h  

Economides et al. (1991) came up with a more appropriate expression for horizontal-

well inflow performance based on Muskat’s original work. The derived equation is given by: 
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They also presented a more appropriate analytical solution with a constant rate at the inner 

boundary. The exact solution for well inflow is given by: 

BFhpkq HH  /2                (25)
                                                                                                       

where, 
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small axis of the drainage ellipse given by

4

1/ 2 1/ 4 er H
b e

e

 
 

      
  
 

, e is the eccentricity 

given as  2 / 3 / 2e L , and γ is Euler’s constant (0.5772).  

Babu et al. (1991) derived a general accurate analytical equation for calculating well 

block radius, r0 , in flow-rate equation (Peaceman,1978) which is valid for vertical and 
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horizontal wells, for any well location, as well as for isotropic and anisotropic formations. The 

wellblock radius r0 can be obtained from the equation: 
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BE  is the boundary term which can be considered as negligible. The term Sxz is given by 
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 and well location given by:  
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They also presented graphical methods with approximate curve-fitting techniques with an easy-

to-use equation for calculating r0: 

 
 

 

2 2
1/4

0

1 exp 2.215 3.88 /
0.14

1 0.533 /

z

x z

z z

n nx z
r k k

k k n









    
    

                                               (28)

 

 

This equation is suitable for wells located near the center of the drainage area. For 

 0.2 zn  and isotropic cases, this equation approximates the Peaceman formula to within 10% 

error. In the range 0.2 z zn n n  and for 20n  , this equation yields wellblock radii to within 

13% of the correct analytically calculated values. For 20n  , the graphical solution is not 

suitable.          
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Brekke and Jonasen (1993) developed a well model based on Peaceman’s formulae for 

modeling local inflow performance: 
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where   p0 is the gridblock pressure and pw is the wellbore pressure in the grid block. 

Landman (1994) extended Dikken’s (1990) horizontal well model. It was assumed that 

the pressure–inflow relationship at the well bore could be represented by a local law as shown by 

the relation:    

     s s e wq x J x p p x                                                                                                            (31)
 

where qs is the specific inflow into the well (flow rate per unit length), pw is the well pressure, pe 

is the pressure at an assumed constant-pressure boundary parallel to the well (or the equilibrium 

pressure at infinity of a large reservoir), and Js is the specific productivity index (PI). He 

proposed the following model for the productivity of a cased and perforated completion to 

calculate specific PI.   
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σ = σ(x) is the perforation density which may vary along the well. The adjustable constants peqr  

is the equivalent radius of a single perforation, and JmD is dimensionless “maximal specific 

productivity index”. rpeq can be calculated from the co-relation 
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where Lp and rp are the perforation length and radius 

respectively, and St is the appropriately normalized total skin due to the wellbore and formation 

damage. For a partially penetrating well the following co-relation was developed to predict 

approximate specific PI. 
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Palagi and Aziz (1994) discussed extensively on the treatment of wells in a flexible 

voronoi grid. They presented new, exact and simplified well models for homogeneous reservoirs 

for calculating Peaceman’s r0 given by: 

    0

anal numln / / 2 w

eq wr r     
                                                                                             (34)

 
 

and  

  0

0 anal num

2

ln /
w w

w

kh kh
I

r r

 

 
 


                                                                                                      (35)     

  

 

The analytical solution for the bottom-hole flowing pressure (BHFP) was given by: 
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 anal * *
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q q
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where qm is the rate of mth well;  pDm  is the dimensionless pressure at the location of the well of 

interest caused by the mth well and all of its images; qt  is the net production rate from the 

reservoir which can be positive or negative; /DA tt kt c A  is the dimensionless time; and A is 

the reservoir area. Similarly, a numerical factor, 0

num , was defined such that  
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To ensure easy implementation of the homogeneous well model code in the simulator, the 

authors provided solution for req as follows: 
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For exact well modeling of heterogeneous reservoirs they proposed a series of techniques to 

obtain req . Furthermore, for a simplified heterogeneous well model, the following equation was 

proposed: 
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where conn j jj
k k  , θj=angle of connection ij, jk  harmonic average of the permeability 

values evaluated at points logarithmically distributed between 
*

eqr and grid point  j (as shown in 

Fig. 2.3), and 
*

eqr = estimated value of req used only to determine the position of the points where 

permeability values are evaluated at each connection. 



 

28 

 

 Su (1995) proposed the following well equation for multiple-phase 2D models: 
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  Fig. 2.3: Evaluation of average permeability at connection ij  

The weighting factor, Fi, quantifies the influence of neighboring cells on well production and is 

calculated by: 
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            Mochizuki (1995) extended Peaceman’s equation for a well areally and vertically 

inclined at arbitrary angles with respect to grid lines in anisotropic reservoirs. The flow rate 

equation for an inclined well in a grid block is expressed as: 
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θ is the angle measured from the vertical axis and ω is measured from the x-axis. 

 
Well length Lˈ in the transformed solid can be obtained from the expression  
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Settari (1996) developed empirical relationships to determine productivity enhancement 

from fractures in horizontal wells. He developed a linear flow equation given by:  
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Helmy and Wattenbarger (1998) presented simple and easy-to-use correlations to 

calculate the productivity of horizontal wells producing at constant flowing bottomhole pressure 

or constant rate from bounded reservoirs. They used the productivity equation of a vertical well 

to describe the productivity of a horizontal well producing at a constant rate: 
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Dogulu (1998) developed an improved numerical model which estimates the productivity 

of a perforated completion as a function of perforating parameters like shot density, penetration 

depth and phasing angle. Wolfsteiner et al. (1999) presented a semi-analytical method for the 

approximate modeling of the productivity of advanced wells in heterogeneous reservoirs. Their 

approach was based on Green’s functions and was referred to as the s-k* approach, modeling 

permeability heterogeneity in terms of an effective skin s that varied along the well trajectory 

and a constant background permeability k*. Ibragimov et al. (1997, 1999) developed highly 

precise flow rate formulae for horizontal wells located in the middle of a bounded 3-D reservoir 

following the procedures prescribed in literature (Charny, 1948; Joshi, 1991; Borisov et al., 

1964; Kuchuk and Goode, 1988). 
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For slanted wells: 
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max( ,2 )Hq L h is the productivity of a horizontal well of length Lmax located in the middle of the 

reservoir of thickness 2h. When 
max( )L h L const    (case of a perfect vertical well inclined 

at an angle α to the vertical) the function F(θ) takes the form: 
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where the well length is chosen subject to condition    maxmin / cos ;L h L  ; Lmax is the 

length limited by technological restrictions. F(θ) is expressed as: 
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If the well is located in the middle of the reservoir parallel to the top and bottom, the dependence 

of flow rate on the pressure drop can fairly accurately be described by the following formula: 
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*

piezoconductivity coefficient.
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   Yu and Daviess (2000) illustrated the advanced well modeling methodology by 

quantifying the benefits of installing an “intelligent” completion. They modeled several 

“intelligent” completions in order to obtain an optimum production performance. Some 

important attributes of “intelligent” well configurations include: 

o a multi-lateral or multi-zone well producing from one or more reservoirs, e. g. using 

produced gas to accelerate oil production as a form of artificial lift 

o a well with the ability of choking the production flow, both down-hole and at the surface 

o a well with the ability to shut off water/gas producing zone at the wellbore 

o a well with the ability to separate water/gas and oil in the wellbore and re-injecting the 

separated water into a separate zone 

o a well with down-hole compressor installed for produced gas re-injection into the 

reservoir  

    Fitzpatrick et al. (2001) described a model in which the wellbore flow in terms of 

pressure, velocity and saturation was solved concurrently with the reservoir flow equations. In 

that model, constraints at branches, items of well equipment, well target conditions, the effects of 

friction, gravity, and fluid acceleration were included in the formulation. Ouyang and Aziz 

(2001) developed a computer package to perform a series of sensitivity studies that led to several 

important and interesting observations. Their coupled model was applied to determine well 

productivity, well index for multiphase flow simulation, wellbore pressure profile, and wellbore 

inflow or outflow distribution for any time in the well’s production/injection life. Wolfsteiner 

and Durlofsky (2002) developed a near-well upscaling procedure suitable for use with 

multiblock grids. Their technique is applicable to grids that are radial (or nearly radial) in the 

near-well region rather than rectangular. The method was well-suited for models in which the 
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general well trajectory was resolved by the simulation grid and was capable of modeling 

reservoir heterogeneity down to the scale of the wellbore itself. The influx q into a well in a 

homogeneous system is constant in the radial direction (Fig. 2.4) and is given by  
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The required influx into the first boundary block was given in terms of radial flow solution. The 

pressure profile was written as:  
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  Fig. 2.4: Hole well model for multiblock grid.  

The hole well model obliges the correct influx by setting the pressure at the hole boundary rh to 

ph, where ph is given as:  
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The hole well model was written in terms of well transmissibility T
w 

as: 

   w w w w

b h hq T p p T p p   
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Jenny et al. (2002) developed a hexahedral multiblock grid (MBG) formulation for the 

modeling of two-phase reservoir flows. They also showed that linear solution technique was 

scalable with respect to the number of blocks, which was an indication that the method will 

parallelize efficiently. Chen et al. (2002) presented an application of control volume function 

approximation (CVFA) method to the modeling and simulation of 2D and 3D horizontal wells in 

petroleum reservoirs. The base grid for their method was based on a voronoi grid. Serve (2002) 

presented an enhanced semi-analytical framework for modeling complex configurations, such as 

multi-lateral wells with “intelligent” completions. His tool can handle wells operating under rate 

or bottomhole pressure control and multiple wells with switching constraints can also be 

handled. Wan and Aziz (2002) described a semi-analytical solution for horizontal wells with 

multiple fractures. Their analytical solution provides the well pressure that can be combined with 

a numerically computed gridblock pressure to obtain well index. They related well pressure and 

wellblock pressure through the radial flow equation:  
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 Pedrosa and Aziz (1986) proposed a numerical scheme for the near-well flow modeling, 

but their method is limited to radial gridblocks. Ding and Jeanian’s (2004) approach is more 
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general and can be applied to other kinds of grids. Ding et al. (2004) presented boundary integral 

formulation for well modeling in a 3D stratified petroleum reservoir with arbitrary geometry. 

Fokker et al. (2005) proposed a semi-analytic technique to solve the inflow equations in an 

approximate but reliable manner. They provided a solution to 3D problems of single-phase flow 

into a horizontal well, taking into account friction in the wellbore. They also extended the 

method to describe fluid flow when the well intercepts one or more fractures. Hasan and Kabir 

(2005) presented a detailed mechanistic model to estimate film thickness before computing 

frictional pressure-drop as gas flows past the wavy liquid film surrounding the pipe wall. They 

also developed a simple model for annular two-phase flow in the wellbore. 

Vicente and Ertekin (2006) developed a fully implicit numerical model coupling 

reservoir and multifractured horizontal well flow dynamics to investigate flow behavior and 

predict the productivity of such systems. The authors obtained a one-dimensional expression 

describing single-phase flow in the wellbore domain that takes into account friction losses and 

radial influx along the wellbore: 
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Where 2

x wA r and porosity is 100% ( =1.00). Yang and Deo (2006) extended multiphase 

flow problem shown in fig. 5 as follows: 
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where θ is the span of the well in this particular triangle, r is the distance from the well from the 

well to the triangle center. P is the pressure at the center of triangle, Pw is the well-bore pressure. 
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K is the permeability of the triangle, and rw is the well-bore radius. 

  

Fig.2.5: Illustration of the well model with well placed in the corner.  

The same interpolation function used in the triangular elements was used in tetrahedral elements 

in three-dimensional space. The multiphase flow equation is given by. 
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In this case, angle θ is the angle between the two triangles that share the line well; h is the length 

of the well in the tetrahedral block. Krogstad et al. (2007) presented a coupled wellbore-

reservoir flow model that is based on multiscale mixed finite element formulation for reservoir 

flow linked to a drift-flux wellbore flow representation.  

Johansen and Khoriakov (2007) described an approach in the modeling of multi-phase 

flow in advanced well completions and in the near well region of the reservoir. In this approach, 

a base solver is used to calculate pressure distribution, flow rates and phase fractions in all 

components of the well completion using a simple boundary condition and assuming 

homogenized flow. Kankom (2007) modified the model of Furui et al. (2003), which described 

the relationship between flow rate and pressure drawdown.  
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Here, SPR is partial penetrating skin factor, b is the reservoir drainage dimension along horizontal 

well direction, and .eq H Vk k k
  

The model can be applied to a variety of wellbore trajectories 

including horizontal wells, slanted wells, undulating wells, and multilateral wells. Moreover, 

Kankom (2007) formulated the analytical inflow performance to estimate the well performance. 

The closed form model of inflow performance for undulating wells is:  
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Here A, ln(CA), Sθ, SP, S  represent drainage area, shape factor, slanted skin factor, partial 

penetrated skin factor and damage skin factor, respectively. 

Lu and Tiab (2007) presented a simple productivity equation for a horizontal well in 

pseudo-steady state in a closed anisotropic box-shaped reservoir, using a uniform line skin 

model. The equation to compute productivity is given by: 
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where  is box-shaped drainage volume given by, 
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where S is the pseudo skin factor due to partial penetration. Jenny and Lunati (2009) devised an 

extension of the multi-scale finite-volume method which allows the simulating of flow and 

transport processes in reservoirs with complex well configurations. They considered an 
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incompressible two-phase system in which the evolution of the phase saturations 

  1,2S    and flow rate was described by: 
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The multisegment well model has proven to be very effective in the modeling of 

advanced wells. In this model, the wellbore is divided into an arbitrary number of segments and 

the degree of accuracy expected is a function of the number of segments used (Holmes et al., 

1998). Hasan and Kabir (2010) presented a robust model for a two-phase flow in geothermal 

wells using the drift-flux approach. 

 

2.3.1 The Limitations of Advanced Well Models  

 Both advanced analytical and numerical well models have been developed for predicting 

the actual performance of hydrocarbon reservoirs. For reservoir performance to be accurately 

predicted, these well models are expected to simulate transient multiphase flows in systems 

comprising one or more connected hydrocarbon reservoirs and several wells that are produced 

under specified constraints of pressures or rates imposed on individual wells or groups of wells. 

Unfortunately, despite the sophistication of these advanced well models and the successes 

recorded with them, in some cases predictions made with them do not match actual field 

performance. This position is buttressed by the result of the study conducted by Mullane et al. 

(1996) in which the field performance of 29 horizontal wells was compared with predictions. 
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The authors observed that while the estimated oil rate was matched, the predictions of 

approximately a half of the wells used for the study were within 50 % of actual performance 

and an average absolute error of 47% was recorded. While this study was conducted for 

horizontal wells, a similar trend could be obtained for all advanced well models (Mullane et al., 

1996).   

 The inability of these well models to accurately predict the actual performance stems 

from the assumptions made during their formulation. The sources of uncertainty in these well 

models as noted by Aziz et al. (1999) are stated below: 

1. The assumed well model saturation gradients causes the effective phase permeabilities 

for the well region to differ from the corresponding values for the well grid block. 

2. The values of the effective and absolute permeabilities for the well region may be at 

variance with average values obtained for the grid block. 

3. The default procedures available in reservoir simulators are developed based on 

assumptions that are most suited for modeling vertical (conventional) wells than for 

horizontal (advanced) wells; consequently, the equivalent grid block radius obtained may 

be in error.   

4. The effective skin may be an unknown quantity.  

The afore-stated assumptions affect the accuracy of computed well index (WI), oil 

production rate, gas-oil ratio (GOR), and water-oil ratio (WOR) are all sensitive to WI, hence the 

utilization of a wrong value of WI during simulation affects the ability of these advanced well 

models to predict accurately. 
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2.4 The Next Generation Well Models  

 Reservoir simulators have long become a primary reservoir engineering tool for recovery 

analyses and performance evaluation in the oil and gas industry. The main incentive for reservoir 

simulation is increased profitability through better reservoir management. A simulator requires a 

set of realistic boundary conditions for the computation of pressure distribution in a reservoir 

which are supplied by well models.  

  As multi-scale multi-domain data, geological and geophysical models become more 

integrated with increasing resolution and complexity over time, the quest for faster, more 

efficient, and more comprehensive next generation simulation engines becomes inevitable. 

Therefore, using the present crop of available well models in such complex next generation 

reservoir simulators will no doubt raise questions among the worldwide industry practitioners 

regarding their representativeness and the reliability of their predictions.   

Recognizing this daunting challenge, it is imperative that all the factors responsible for 

the inherent limitations of both conventional and advanced well models be addressed. Effort 

should be geared toward the elimination or minimization of errors and uncertainties implicit in 

the formulation of next generation well models for modeling conventional, complex multilateral, 

horizontal, fractured and smart wells. More so, pressure losses due to friction, slippages and 

cross flows should be adequately accounted for.    

  Furthermore, for increased flexibility, reliability and robustness of next generation well 

models, adequate care should be taken to cover a wide range of physical processes taking place 

in the well irrespective of their geometries to enable engineers evaluate many scenarios. The well 

models should be comprehensive enough to provide operational flexibility to minimize risks in 

reservoir management.  
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Among others, such a comprehensively formulated well model should be capable of 

handling global phase-component partitioning, allow multiple components and phases to exist, as 

well as accommodate operational scenarios where any component can be made to exist in any 

phase. 

 

2.5. Concluding Remarks 

In this paper, the development and representation of conventional and advanced well 

models in reservoir simulators were covered with emphasis on analytical and numerical well 

models since the last review on the subject in 1993. It is clear that a simulator requires a set of 

realistic boundary conditions for the computation of pressure distribution in a reservoir and these 

boundary conditions are supplied by well models. Conventional well models are sufficient for 

modeling vertical and slightly deviated wells. However, the development of complex wellbore 

configurations due to the implementation of intelligent completion systems coupled with the 

advent of horizontal and multilateral drilling technology necessitated the development of 

increasingly complex well models for use in reservoir simulation for modeling advanced wells, 

such as horizontal, multilateral, and smart wells. This is because conventional well models do 

not adequately represent the physics of the process, such as pressure loss due to friction, effect of 

slippage and crossflow. Despite the sophistication of these advance well models and the 

successes recorded with them, in some cases predictions made with them do not match actual 

field performance. For this reason, the development of well models that give accurate simulation 

results that match actual field performances, though a challenging task, should be given high 

priority.  



 

42 

 

 The very first step in the development of accurate conventional and advanced well 

models is the recognition of the sources of uncertainty which affect the accuracy of well index 

during their formulations. Next, all uncertainties implicit in their formulations should be 

eliminated or minimized and pressure losses due to friction, slippages and cross flows adequately 

accounted for. Furthermore, proper care should be taken to cover a wide range of physical 

processes taking place in the well irrespective of their geometries to enable engineers evaluate a 

wide range of operational scenarios. All these require painstaking optimization studies which can 

sometimes be a formidable exercise.   

As multi-scale multi-domain data, geological and geophysical models become more 

integrated with increasing resolution and complexity over time, the quest for faster, more 

efficient, and more comprehensive next generation simulation engines becomes inevitable. A 

high resolution reservoir simulation is vital for better definition and description of fluid flow in a 

reservoir which will ultimately lead to improved field development. Among others, such a 

comprehensively formulated well model should be capable of handling global phase-component 

partitioning, allow multiple components and phases to exist as well as accommodate operational 

scenarios where any component can be made to exist in any phase. Therefore, well model 

developments, especially advanced well models, require a clear identification of the ultimate 

objective.  

 

 

2.6 Nomenclature 

 
a            Large axis of drainage ellipse, ft 

A           Area, acres 

B     Formation volume factor, RB/STB 
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(Cm, C, Dm)    Constants 

rD   Relative non-Darcy skin coefficient  

dz   Depth gradient 

H          Total formation thickness 

h     Reservoir thickness, ft 

Iani         Permeability anisotropy variable, /H Vk k  

I            Number of layered zones in the r direction 

k         Permeability, mD 

kˈ         Equivalent homogeneous permeability, mD 

rgk   Gas relative permeability 

L          Horizontal well length, ft 

Lˈ        Well length in transformed plane, ft 

n          Number of grid blocks 

wn         Number of wells, n 

p          Pressure, psi 

pe      Pressure at drainage radius, re 

pwf   Bottom-hole pressure, flowing 

bhp   Bottom-hole-pressure at the reference depth 

kp   Well cell pressure 

0p   Initial Pressure 

p          Dimensionless pressure 

Q   Production or Injection rate 

q         Flow rate, STB/D 

R         Radius of the external reservoir boundary (no-flow barrier), ft 

r          Radial distance, ft 

wr   Radius of wellbore 

rˈ        Equivalent radial distance in transformed plane, ft 

 1

,meqr       Equivalent wellblock radius 

2

,mkeqr   Equivalent wellblock radius of well m in the presence of one other well, well k, 

both producing at the same rate.  

er   Radius of drainage or external boundary 

or   Equivalent radius 

 

S         Skin factor 

s            Pseudo skin factor 

S     Phase saturation 
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t         Reservoir width, ft 

T        Transmissibility coefficient, dimensionless 

V         Bulk volume, ft
3
 

x   Reservoir variable or oil mole fraction 

y    Gas mole fraction 

∆x,      Grid size in x direction, ft 

∆z       Grid size in z direction, ft 

∆y      Grid size in y direction, ft 

(xw, zw)    Well coordinates (ft, ft) 

WIˈ       Well index or well connection factor in transformed plane 

             1 zx kkzx  , scaled grid aspect ratio 

11      Scaled grid aspect ratio 

β
*
         Cubical elasticity ratio 

ρ          Density 

µ        Viscosity, cp 

θ           Well angle with respect to vertical coordinate. 

   Dimensionless term for non-Darcy flow effect 

   Correlation factor for extra pressure drop around a wellbore 

   Fraction of flow capacity for the open interval 

   Non-Darcy flow coefficient 

           Viscosity  

 (λ, v)    Integer 

          Porosity 

well      Wellbore gradient 

   Molar density 

 

 

 

 

 

Subscripts 

 

a         Altered 

A         Based on area 

avg     Average 

B           Well block or boundary cell  
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bhp      Bottom-hole pressure 

bh        Bore hole 

d          Non-Darcy flow effect 

D         Dimensionless 

eq        Equivalent 

fd        Dimensionless fracture half distance 

grid      Gridblock pressure 

g   Gas 

h          Hole 

H          Horizontal 

i   Index of number of perforated intervals in a well 

ij          Connection between gridblocks i and j 

k, m     Well numbers 

k    Layer count 

m    Mechanically damaged 

n   Total number of blocks with perforation intervals in a well 

nf       No flow boundary distance 

o   Oil 

p   Partially completed 

rp         Relative permeability 

sc         Standard condition 

V         Vertical 

w   Water 

w           Well bore 

x, y, z    Direction in x, y, z axis respectively 

 

 

Superscript: 

*       Well of interest 

w       Well bore 
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CHAPTER 3 

INTEGRATED RESERVOIR CHARACTERIZATION AND MODELING FOR ENHANCED 

HYDROCARBON RECOVERY FROM MATURE GAS-CONDENSATE RESERVOIRS: A 

CASE STUDY OF BIG ESCAMBIA CREEK FIELD, ESCAMBIA COUNTY, ALABAMA, 

USA 

 

3.1 Introduction 

The world petroleum industry has over a century development history, which has made it 

increasingly difficult to find new and giant oilfields. Giant oilfields are fields with 500 million 

barrels of ultimately recoverable oil or gas equivalent. Given the difficulty in discovering new 

giant oilfields, great attention is paid to mature oil fields. Currently, around 70% of world oil 

productions are sourced from mature oilfields. With increasing difficulty in discovering new 

giant fields coupled with escalating world demand for energy, mature oilfields will continue to 

play an important role in the petroleum industry as sources of large supply of oil and natural 

gas.  

Natural gas is playing an increasingly crucial role in the world economy and as an 

important source of global energy. It is projected to be the fastest-growing component of primary 

world energy consumption because it is seen in part as a good alternative to oil and also as a 

desirable source of energy from the perspective of global environmental pollution given that it is 

the cleanest of all the fossil fuels. Gas-condensate fields are getting more important because of 

increasing amount of natural gas and condensate produced from them within the global structure 

of hydrocarbon production. Typical lean-gas and rich-gas gas-condensate systems yield about 30 

and 300 bbl/MMSCF of condensates, respectively (Kamath, 2007).  



 

54 

 

The optimum recovery of condensate is a key consideration for reservoir engineers given 

the fact that condensate has a high economic value. However, as with all mature oil and gas 

fields, improving hydrocarbon recovery to help meet the increasing world energy demand and 

stem the current tide of high oil and gas prices are major issues. The rapid increase in worldwide 

demand for natural gas as shown in Figure3.1 has resulted in total daily gas consumption higher 

than the total supply. Therefore, to ensure that natural gas sale demands are met, it is imperative 

that reservoir engineers predict accurately the long-term production performance of gas-

condensate reservoirs with a view to meeting the desired production rates. 

Most known gas-condensate reservoirs are discovered in formation pressures and 

temperatures in the ranges of 3,000 to 8,000 psi and 200 to 400 
o
F, respectively (Moses and 

Donohoe, 1962).  However, a number of gas condensate reservoirs do occur at pressure less than 

2,000 psi and at temperatures below 100 
o
F (Roussennac, 2001). The components of gas-

condensate reservoirs include methane, short-chain hydrocarbons, and some heavy-ends, such as 

heptane plus (C7 plus).   

 

Figure 3.1: Total supply and demand balance for natural gas in 2011-2012 
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The flow behavior of a gas-condensate reservoir depends on the phase envelope of the 

fluid system and the prevailing reservoir conditions. The phase envelope comprises the bubble 

point line and the dew point line which meet at the critical point.  For a typical gas condensate 

reservoir operating at pressures above the dew point, the reservoir fluid usually occurs as a single 

phase fluid (gas) having constant composition. However, at reservoir pressures below the dew 

point, condensate will start dropping out of the gas and accumulates around the wellbore. This 

condensate that accumulates around the well bore reduces the effective permeability to gas, and 

changes the phase composition of the fluid produced. This immobile pool of condensate phase 

around the wellbore will not start to flow until a critical liquid saturation of 30-50 % pore 

volume is attained (Gravier et al., 1986). The critical saturation of condensate could be as low 

as 10% in the presence of interstitial water (Allen and Roe, 1950; Danesh et al., 1991).  

Condensate banking usually manifests itself as a rise in the production gas-oil-ratio 

(GOR) or as a decline in the condensate yield of a well (Xiao and Ahmad, 2004).  Also, 

condensate banking can lead to considerable reduction in well deliverability and well rate for 

gas-condensate reservoirs (Aflidick et al., 1994; Barnum et al., 1995; Rahim et al., 2002). 

Well deliverability after condensate banking can be enhanced either by altering the phase 

behavior of reservoir fluids or by maintaining reservoir pressure above the dew point. Various 

methods for boosting gas-condensate productivity include gas cycling, waterflooding, hydraulic 

fracturing, and methanol treatment or wettability alteration (Henderson et al., 1991; Barnun et 

al., 1995; Fishlock and Probert, 1996; Settari et al., 1996; Luo et al., 2000; Li and 

Firoozabadi, 2000; Al-Anzi, et al., 2004). 

A number of production schemes are available for boosting condensate recovery from 

gas-condensate reservoirs. Of these various production enhancement schemes, steam injection 
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and gas injection are the most popular technologies. Gas injections contribute about 29 % of 

worldwide incremental enhanced oil production (Moritis, 2004). The various gases that could be 

injected into the reservoir to boost condensate recovery include natural gas, methane, carbon 

dioxide, and nitrogen. In the past, operators used to recycle produced natural gas, but the process 

has been discontinued due to increased demand for natural gas (Hagoort, 1998). Other gases, 

such as methane, are currently being used as good substitutes for natural gas for gas cycling 

operations. 

Methane is one of the choice gases for maintaining reservoir pressure and aid the 

recovery of condensate dropout.  Also, nitrogen has been used as an alternative to methane as an 

injection gas with success. However, nitrogen is only economically feasible as an injection gas 

on the condition that the gas-condensate reservoir under consideration is sufficiently rich 

(Huang et al., 1986; Sanger and Hagoort, 1998). Of all the injection gases, carbon dioxide is 

the most promising as it helps swell the oil net volume, reduces condensate viscosity and 

interfacial tension, and reduces the density difference between condensate and water thereby 

reducing the occurrence of gravity segregation (Orr et at., 1982; Orr et al., 1984; Martin and 

Taber, 1992; Blunt et al., 1993).  

3.2 Background to Big Escambia Creek Field 

The Big Escambia Creek (BEC) field (Figure 3.2) located in Escambia County, Alabama, 

was discovered in 1971. It is a heterogeneous, mature gas-condensate reservoir which produces 

gas and condensate from the upper Jurassic Smackover formation. BEC field has an initial 

reservoir pressure and temperature of 7662 psia and 280 
o
F, respectively. The reservoir exhibits a 

retrograde dew point of 2770 psia, indicating that it is a highly undersaturated reservoir in a 

single phase gas condition. 
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Figure 3.2: Location of Big Escambia Creek Field (Burwell and Hadlow, 1977) 

3.3 Geological Setting 

The Smackover formation portion at BEC overlies the Norphlet Formation and is 

unconformably overlain by the Buckner Anhydrite. It is within the Conecuh Embayment which 

is a major Jurassic depositional center (Mancini et al., 1991). In BEC field, the Smackover 

ranges in thickness from an estimated 275 feet to 380 feet (Halvatzis, 2000). At the top of the 

Smackover Formation, BEC Field is located in the western end of Flomaton Anticline and has an 

average dip of 2 degrees across the field. The Smackover reservoir is bounded by a fault along 

the north and northeastern edge, and by non-porous, non-permeable rock along the eastern and 

northwestern edges.  
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3.4 Problem Statement 

 

Big Escambia Creek field is a mature gas-condensate reservoir with dwindling 

production. Therefore, it needs the development of a framework that will form the basis for 

enhanced hydrocarbon recovery from the field.  

Also, based on the initial reservoir fluid study performed on BEC field, the reservoir was 

estimated to experience a retrograde dew point pressure of 2770 psia. At pressures below the 

dew point, one of the distinguishing characteristics of a gas-condensate reservoir is a change in 

reservoir fluid compositions due to drop out of heavy ends hydrocarbon from the gas due to 

retrograde condensation. However, analyzed reservoir fluid composition (Figure 3.3) obtained 

from BEC field has not shown any significant changes despite the fact that a static reservoir 

pressure of 2132 psia was recorded for the field in 1999. This recorded reservoir pressure was 

below the estimated dew point pressure of 2770 psia.   

 

Figure 3.3: Temporal variation of C5 composition for some selected wells in BEC field 
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3.5 Research Objectives and Tasks 

 

The use of historical production data, recorded reservoir pressure, and formation rock 

properties to characterize a mature reservoir provides opportunities to increase recoverable 

reserves and reduce uncertainties. Reductions in uncertainties lead to better planning for future 

field development.  The objective of this research project is to develop a framework for enhanced 

hydrocarbon recovery from mature gas-condensate reservoirs using Big Escambia Creek field as 

a case study. The specific objectives of this research include: 

1 Perform detailed production data analysis to establish field-wide trend which may aid the 

understanding of some latent reservoir characteristics. More so, use material balance 

calculation to estimate original gas-in-place (OGIP). 

2 Characterize Smackover intervals at Big Escambia Creek field based on available 

geologic, petrophysical and engineering data.  

3 Characterize reservoir fluid properties of Big Escambia Creek field using Dranchuk-

Abou-kassem equation of state. The model should be able to reproduce laboratory 

measured fluid properties and be able to predict the reservoir fluid phase PVT properties 

at desired average reservoir pressures of interest.  
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CHAPTER 4 

LITERATURE REVIEW 

This chapter provides a critical review of literature intent on providing support for the 

conceptual framework of this research project. It sheds light on the subject of gas-condensate 

reservoirs with respect to production techniques, pressure depletion, gas cycling, and solvent 

injection operations, as well as highlights on the use of equation of state (EOS) models and 

empirical correlations to characterize reservoir fluids associated with gas-condensate reservoirs.   

4.1 Gas-Condensate Reservoirs 

 Gas-condensate reservoirs may be considered as intermediate between volatile oil and 

gas reservoirs with initial reservoir conditions lying between the critical point and 

cricondentherm. Gas-condensate reservoirs produce predominantly gas from which small 

quantities of liquid condense out at pressures below the dew point, with consequent reduction in 

liquid recovery at the surface as the condensate is trapped near the wellbore by capillary forces. 

The amount of liquid which condenses out from the gas is a function of the gas-oil-ratio (GOR).  

 There are remarkable differences between gas condensate and conventional crude oil, 

both in terms of color and density. On the one hand, crude oil is usually dark green or black, 

feels oily when rubbed between the fingers, contains heavy non-volatile components, and has 

API gravity of less than 45 degrees. On the other hand, gas condensate is light-colored, more 

volatile than crude oil, contains large fraction of gasoline and other volatile petroleum 

components and API gravity of above 50 degrees (Thornton, 1946).  
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4.1.1 Composition of Gas-Condensate 

As noted by Thornton (1946), “knowledge of the gas-liquid ratio and gravity of the 

liquid is not sufficient to describe the composition of gas condensate for all purposes”. This is 

because the gas-liquid ratio and the gravity of condensate are functions of the temperature and 

pressures at which the separations are made. It is therefore crucial to state composition in terms 

of the percentage of each hydrocarbon in the gas, in the condensate, and in the gas-condensate 

mixture. The gas produced from most gas-condensate reservoirs contains a preponderance of 

methane and ethane with smaller quantities of propane, butanes, pentanes, hexanes, and heptane 

plus. The condensate is predominantly heptanes and heavier fractions, with decreasing amounts 

of hexanes, pentanes, butanes, and smaller amounts of propane, ethane, and methane.   

  

4.1.2 Production of Gas-Condensate Reservoirs by Pressure Depletions 

For a gas-condensate reservoir, the amount of liquid which condenses out from the gas as 

the pressure drops below the dew point is a function of the gas-oil-ratio (GOR). Gas condensate 

reservoirs producing by pressure depletion are characterized by reduction in liquid recovery from 

the gas at the surface. At the start of production, retrograde reservoir fluid exists as a single 

phase fluid since the initial pressure is at or above the dew point. However, as the pressure is 

reduced below the dew point when the wells are opened for production, the heavy components of 

the fluid, notably the heptanes plus in the gas, starts to drop out forming a pool of liquid around 

the wellbore with resultant reduction in  the amount of liquid produced at the surface facility. 

The accumulation of condensate around the wellbore reduces the effective relative permeability 

to gas and causes a reduction in well deliverability.   
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 As noted by Kolbikov (2010), production of gas-condensate reservoirs by pressure 

depletion method results in lower recovery of the gas-originally-in-place, especially the liquid 

phase. For a typical gas condensate reservoir, 85% of the dry gas-in-place is usually recovered, 

while 40-70 % of the original liquid component of the gas is left in the reservoir due to 

retrograde condensation.  

 Furthermore, the producing rate of gas condensate reservoirs is affected by the 

bottomhole flowing pressure. The value of the bottomhole flowing pressure dictates the amount 

and distribution of liquid condensate that accumulates around the wellbore. This pool of 

condensate that accumulates around the wellbore reduces the relative permeability to gas. The 

larger the gas gravity the more the liquid that drops out of the gas and the more pronounced the 

reduction in relative permeability (Cvetkovic et al., 1990). It is instructive to note that for a lean-

gas condensate reservoir, the cumulative production is affected only by the pressure gradient and 

not by large relative permeability reduction.    

 Cvetkovic et al. (1990) have further demonstrated through their work on lean and rich 

gas condensate reservoirs that the composition of a gas condensate fluid controls the amount of 

liquid which condenses out of the gas: the larger the quantity that drops out the greater the 

reduction in the relative permeability to gas. They concluded that the shape of the relative 

permeability curves is very important and that the adverse effect caused by reduction in the 

relative permeability to the gas can be minimized if appropriate choice in flowing bottomhole 

pressure is made.  

  The conclusion reached by Cvetkovic et al. (1990) regarding the importance of the 

shape of relative permeability curve to gas condensate production was corroborated by Lal 

(2003). He stated that when the reservoir pressure is above the dew point the productive capacity 
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of a gas condensate reservoir depends on the reservoir thickness, permeability, and gas viscosity. 

However, at pressures below the dew point the reservoir productivity is controlled by the critical 

condensate saturation, and the shape of the gas and condensate relative permeability curves.  

 

4.2 Operating Methods for Gas-Condensate Reservoirs 

The production of hydrocarbons from gas-condensate reservoirs poses formidable 

challenges to reservoir engineers comparative to production from conventional oilfields. This 

difficulty stems from the complex nature of phase behavior and fluid flow in porous media 

shown by gas condensate mixture (Thomas et al., 2009). 

There are different operating methods for producing gas condensate reservoirs, but the 

selection of a particular operating method for a particular field depends upon certain principles 

which are applicable to most oil reservoirs. These basic principles as stated by Thornton (1946) 

include: 

 Selection of operating method on the basis of reservoir fluid character. 

 Pressure maintenance in those reservoirs where a decrease would result in loss of 

valuable products at the subsurface. 

 Efficient handling of produced fluids at the surface to extract the maximum amount 

of liquid. 

 Optimum spacing of wells to ensure maximum highest hydrocarbon recovery. 

 Unitization of interests to assure equity to all parties with vested interests in the 

reservoir, and to enable the application of the afore-mentioned principles.   

 



 

64 

 

The operations of gas-condensate reservoir may be divided into two groups: First, that 

group concerned with efficient recovery of gas and condensate from the reservoir through the 

wells. Second, those that relates to the extraction of the liquefiable hydrocarbons from the well 

upon production.  Both classes of operations are crucial and must be applied carefully since 

inefficient extraction can lead to considerable loss of valuable resources.  

   

4.2.1 Gas-Condensate Production by Gas Cycling 

At the start of production, retrograde reservoir fluids exist as a single phase since the 

initial pressure is at or above the dew point. With the initiation of production, the pressure will 

start to deplete. Allowing the retrograde gas reservoir to be produced solely by pressure 

depletion (blow-down) has some attendant disadvantages which include: 

 Loss of valuable condensate in the reservoir. 

 Declining loading of the liquid facilities of the plant during the life span of the 

project. 

 Declining well productivities which must be offset by installing more compressors 

and/or drilling of more wells. 

 

With continuous production of natural gas by depletion with reservoir pressure eventually 

falling below the dew point, the heavy components of the fluid, notably the heptanes plus in the 

gas, start to drop out forming a pool of liquid around the wellbore. The formation of a pool of 

liquid around the wellbore leads to a reduction in the amount of liquid produced at the surface 

facility. The accumulation of condensate around the wellbore not only reduces the productivity 

of condensate, but also reduction in the effective relative permeability to gas with consequent 
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reduction in well deliverability of gas at surface facilities.  The recovery of condensate that 

accumulates close to the wellbore must be made in the vapor phase because liquid within the 

pore space of the reservoir at pressures below the dew point is typically below the critical 

saturation, and as such is incapable of forming a continuous phase that could be displaced as 

liquid. Condensate dropout is a difficult problem to overcome because it is a natural 

thermodynamic property of the reservoir gas being considered (Bennion et al., 2001).  

One approach to reduce retrograde condensation is pressure maintenance combined with 

reduced pressure drawdowns and production rates such that the flowing bottomhole pressure 

around the production wells stay above the dew point value at all times. In order to prevent or 

reduce such liquid loss due to retrograde condensation, gas-condensate produced from 

strategically located wells are stripped of their liquefiable hydrocarbons content and/or sour 

gases, and the stripped gas is compressed and re-injected into the reservoir through the injection 

wells for the purpose of displacing further wet gas, a process known as gas recycling. With 

continuous injection of gas into the reservoir, over time the injected gas displaces most of the 

wet gas between the injection and producing wells. Frequently, an additional make-up volume of 

gas is re-injected into the reservoir in order to maintain full reservoir pressure and prevent further 

retrograde condensation. By injecting this stripped gas back into the reservoir, pressure drop in 

the reservoir is thwarted, and retrograde condensation is minimized. This recycling process is 

discontinued when the amount of liquefiable hydrocarbons obtained from the wet gas falls below 

the economic limit. It is believed that gas cycling can help operators to obtain about 60-80 % of 

the condensate in the reservoir (Thornton, 1946).  
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Much as gas recycling has been accepted as a technology for preventing retrograde 

condensation, it is still fraught with a number of factors which limit its success. These factors 

include: 

 Income from gas sales is deferred 

 Huge initial capital expenditure for compression and injection. 

 Make-up gas must be purchased or otherwise be available for full pressure 

maintenance 

 The cycling operations in addition to the subsequent depletion period result in 

prolonged project life with inefficient gas plant usage during the final stage and high 

cumulative operating costs.  

 Very little of the wet gas in the portions of the reservoir unswept during cycling 

operation will be recovered during the final blow-down operations. 

It is therefore important, in evaluating the economics of exploiting gas condensate 

reservoirs, that all the afore-mentioned advantages and disadvantages be considered. More so, 

operators have a choice to embark on either of the two cycling schemes – full pressure and 

partial pressure maintenance (Abel et al., 1970). In full pressure maintenance, gas is cycled 

continuously while condensate is withdrawn from the reservoir. In partial pressure maintenance, 

gas is injected into the reservoir while allowing pressure depletion to occur simultaneously. In 

order to obtain a quantitative comparison of the advantages of full gas cycling operations and 

partial cycling (simultaneous controlled blow-down operations), the following engineering data 

are required. 

1. Volume sweep efficiencies of each of the schemes evaluated as a function of time 

2. Retrograde behavior of the original wet gas 
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3. Revaporization characteristics of the retrograded liquid upon contact with dry injection 

gas.  

It was found that full pressure maintenance produced higher condensate recovery than partial 

pressure maintenance (Li et al., 2001). 

4.3 Mitigating Techniques to Condensate Banking 

 Condensate banking in most situations inflicts some degree of damage to the formation 

adjacent to the wellbore, and the use of gas recycling operation for pressure maintenance does 

not prevent this damage. This is because during natural gas cycling the areas immediately 

flanking the wellbores are often subjected to high drawdowns resulting in localized condensate 

dropout. In many cases, periodic treatment is required to remove a portion of the trapped 

condensate liquids from around the wellbore for the purpose of increasing production rate. These 

methods include: 

1. Lean gas injection 

2. Rich gas injection 

3. Solvent injection 

4. Mutual solvent/Surfactant injection 

5. Water injection/displacement 

4.3.1 Lean Gas Injection 

 Gas cycling process involves the use of lean gases, such as methane and/or nitrogen for 

keeping the reservoir pressure above the dew point and thus provides high condensate recovery. 

These gases are used as alternatives to natural gas for injection into the reservoir for pressure 

maintenance and recovery of trapped condensate. Condensate recovery using gas injection can 

be as high as 88% compared to 30-60 % recovery using pressure depletion (Kolbikov, 2010).  
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Although this technique enjoys greater success rate, it however requires relatively high 

bottomhole pressure in order to be successful. Lean gases need high pressure to develop 

vaporizing miscibility before it can extract condensate from the injection region around the 

wellbore. Because the gas is lean (it does not contain heavy end fraction) it has the capacity to 

extract large amount of heavy ends from the formation.  

The comparison of the performance of both methane and nitrogen when they are injected 

into the reservoir for revaporizing condensate shows that methane can evaporate more 

condensate than nitrogen. The evaporation capacity of methane was established to be more than 

20 times higher than that of nitrogen.  Again, the use of nitrogen poses an obvious disadvantage 

in that it raises the dew point pressure and the condensate dropout of the base reservoir 

fluid/injected gas mixture (Moses and Wilson, 1981; Siregar et al., 1992; Chaback and 

Williams, 1994; Piers et al., 1995; Sanger and Hagoort, 1998).  

More so, the pressure required to revaporize condensate is highly dependent on the 

composition of the trapped condensate, specific temperature, and properties of the injected gas. 

Vaporizing miscibility with nitrogen gas generally requires higher pressures in the range of 40 – 

50 MPa.  On the other hand, methane requires less pressure, usually in the region of 30-40 MPa, 

to develop vaporizing miscibility with most condensates. However, nitrogen has some 

advantages over methane as injection gas in terms of cost and availability (Eckles et al., 1981; 

Huang et al., 1986).  

In a core flooding experiment conducted using methane gas (Al-Anazi et al., 2004), the 

authors made the following conclusions; 

 Methane revaporizes condensate from the core and restored the gas permeability to the 

initial value prior to retrograde condensation.  
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 The revaporization of the condensate is dependent on the partitioning of the hydrocarbon 

contents into the flowing gas phase when the pressure is below the minimum miscibility 

pressure. 

 Increasing methane pressure and flow rate facilitates the revaporization of condensate 

 The revaporization of the heavier ends in the condensate phase was slightly affected by 

non-equilibrium effects at high flow rates. 

 The return permeability ratio is directly proportional to the volume of injected methane 

and is relatively not sensitive to methane flow rate. This reaffirms the fact that non-

equilibrium effects are of secondary importance.  

 

Lean gas injection technique is often used as a periodic stimulation method in many gas 

injection operations, especially in oilfields where compression facilities are already available on 

site. In many gas cycling operations, production wells are stimulated periodically for few days by 

dry gas injection to remove condensate that accumulates in regions around the wellbore in order 

to increase production rates and reduce pressure drawdowns.  

 

4.3.2 Rich Gas Injection 

In many reservoir situations, lean gas injection into the formation is incapable of 

generating vaporizing miscibility. Therefore, use of alternative gases, such as ethane, propane, or 

carbon dioxide which has higher molecular weights and similar miscible extraction/displacement 

capacity of the trapped condensate as lean gases at lower vaporization miscibility is encouraged.  

The injection of a rich gas for enhancing condensate recovery is effective, but has the 

shortcomings of being expensive to apply as well as having high potential to de-asphalt the 
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condensate. Compatibility test between the proposed injection gas and reservoir condensate is 

therefore recommended to assess this possibility prior to embarking on the project (Bennion et 

al., 2001). 

4.3.3 Combined Lean and Rich Gas Injection  

The injection of dry rich and lean gas (N2, CO2, CH4) into a retrograde gas-condensate 

reservoir vaporizes condensate and increases the reservoir dew point pressure. It accomplishes 

this through the process of mass transfer as the dry gas is continuously enriched when it comes 

into contact with the trapped condensate. It has been established experimentally that dry gas 

vaporizes both intermediate and heavy ends hydrocarbon (Luo et al., 2001). Additionally, the 

volume of dry lean and rich gas required to revaporize and produce the trapped condensate is a 

function of temperature, pressure, composition of the condensate system, and composition of the 

dry gas injected (Givens, 1969). Since the overall composition in the condensate is changing 

during the revaporization process, the equilibrium composition will shift. The existence of 

equilibrium is a function of the relative velocity between the phases (Raimondi and Torcaso, 

1965).  

Lino (2000) conducted an experiment using four solvents - carbon dioxide, nitrogen, FG1 

(comprising 85 mol % N2 and 15 mol % CO2) and FG2 (comprising 93.4 mol % N2 and 6.6 mol 

% CO2) - to displace condensate in a core sample. Based on this study, he concluded that carbon 

dioxide was the only solvent that developed miscibility via a mechanism of vaporization with the 

rich gas condensate and this resulted in the evaporation of the entire liquid phase of the gas 

condensate mixture at the third contact. Furthermore, he concluded that the injection of nitrogen 

into the rich gas condensate, although an immiscible process, enhanced condensate recovery by 

as much as 50% from the reservoir.  
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The optimum recovery of gas-condensate is not only influenced by the choice of solvents 

or solvent mixture used in conducting the displacement process, but also by the injection rate of 

the chosen solvent or solvent mixture. Al-Abri et al. (2009) conducted an experiment to 

investigate the outcomes of velocity-dependent relative permeability and sweep efficiency of 

supercritical carbon dioxide (SCCO2), methane, and their mixtures following their injected into a 

gas condensate reservoir. They observed that better condensate recovery and late breakthrough 

of   gas was attained at slower displacement rates (negative velocity coupling). However, 

injection of solvents at higher injection rate led to greater natural gas recovery (positive velocity 

coupling).   

 

4.3.4 Solvent Injection 

This process involves the injection of a liquid phase hydrocarbon solvent, such as 

toluene, xylene or distillate into the formation to displace the trapped condensate. This technique 

is not effective for removing trapped condensate because it substitutes one miscible hydrocarbon 

phase for another. In a number of cases, the interfacial tension between the reservoir gas and an 

organic solvent is higher than that between the trapped condensate and the reservoir gas. The 

implication of this is that it results in an increase in trapped hydrocarbon phase saturation 

(Bennion et al., 2001). 

 

4.3.5 Mutual Solvent/Surfactant Injection 

 This technique comprises injection of high molecular weight alcohols, such as butanol, 

other mutual solvents, and surfactants. The intention of injecting these solvents is to reduce the 

interfacial tension between the trapped condensate and reservoir gas thereby facilitating the 
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recovery of the trapped condensate. However, many alcohols have sludge and emulsion 

problems with condensates; therefore, compatibility test between the proposed injection alcohols 

and reservoir condensate is recommended to assess this possibility prior to embarking on the 

project. In many cases, the actual reduction in condensate-gas interfacial tension is relatively 

small, thus, the overall stimulating effect may be insignificant.  

4.3.6 Water Injection/Displacement 

 This technique has long been proposed for recovering trapped condensate liquids from a 

depleted gas condensate reservoir. The appeal of this technique lies in the fact that the irreducible 

condensate saturation to water displacement is lower than the irreducible condensate saturation 

to gas displacement. It is believed that the injected water will help in mobilizing a portion of the 

trapped condensate saturation within the bulk formation matrix thereby facilitating the recovery 

of a portion of the trapped condensate.  However, from a practical perspective, for this technique 

to be successful, the value of the trapped condensate saturation must be very high. In majority of 

cases where this technique is used as an enhanced oil recovery method, very limited recoveries 

were observed on a bulk reservoir basis. This suggests that the potential for success in applying 

this technique is insignificant.  

Water flooding may be a good option for reservoir pressure maintenance if there is an 

underlying aquifer that is providing a strong water drive. For rich gas-condensate reservoirs, 

water flooding above the dew point pressure would be a preferred option for maximizing 

condensate recovery (Henderson et al., 1991).  The main disadvantage of using waterflooding to 

displace condensates in gas condensate reservoirs is that it bypasses and traps both gas and 

condensate which can result in up to 50% of the gas being unrecovered (Dake, 1983; Fisherman 

and Prior, 1983). 
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 Berman et al. (2000), in his review article titled, “Development of Gas-Condensate 

 

 Reservoirs by Directional Intra-contour Waterflooding”, gave a positive report about the success 

of intra-contour waterflooding technology, which is based on block reservoir structure, when it 

was applied in Gazli gas field, Uzbekistan. For maximum exploitation of gas-condensate and oil-

gas-condensate reservoirs, he recommended the basic selective scheme below: 

 The lithological blocks that have non-zero critical pressure gradient values as gas flows 

through them and which are separated by gas-saturated rocks should be identified and 

mapped. 

 Water should be injected simultaneously into gas-saturated blocks that are situated in the 

lower parts of the formation.  

 Gas should be produced from the upper blocks of the reservoir. This may be conducted at 

the same time that water is being injected into the lower blocks of the reservoir. 

 Water injection into designated water injection blocks should be discontinued when 

residual gas saturation is reached.  Thereafter, the reservoir can be produced under 

depletion drive.  

He concluded that the application of this technology yielded the following results: 

 Simultaneous production of gas and condensate. 

 Economic and effective recovery of formation recoverable reserves within a shorter time 

frame relative to depletion. 

 The bulk of gas and condensate reserves can be produced at a constant production rate. 

 During production using this technology, the stability of the physical and chemical 

properties of trapped condensates is guaranteed. 
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 Higher condensate recoveries compared to that obtained from elaborate cycling 

operations. 

 Condensate recoveries from rich gas-condensate reservoirs are twice that obtained from 

depletion process. 

 Gas recovery efficiency is greater than that obtained from depletion operation. 

  

4.4 Factors that Impact the Performance of Gas Injection 

 It should be stated that the aforementioned stimulation techniques do not solve the 

retrograde condensation problem, but rather are only used for mitigating purposes to reduce the 

impact of condensate banking. In many cases these treatments are repeated on a regular basis as 

the condensate continues to accumulate with continued production below the dew point. The key 

factors that impact the performance of gas injection projects include; 

 Reservoir pressure 

 Fluid composition 

 Reservoir characteristics 

 Relative permeability 

 

4.4.1 Reservoir Pressure 

 Reservoir pressure is the chief parameter that determines whether or not the injected gas 

will be miscible with the in-situ condensate that it comes into contact with within the bulk of 

reservoir matrix. Miscibility is the physical condition between two or more fluids that will allow 

them to mix in all proportions without the existence of an interface. If two fluid phases form 

when the fluids are mixed together, the fluids are considered immiscible, and an interfacial 
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tension exists at the interphase between the two phases. If an interfacial tension exists between 

phases within a porous media, capillary forces will prevent the complete displacement of one of 

the phases by the other. If one phase miscibly displaces the other, it then implies that interfacial 

tension that exists between them is zero (Holm, 1986, 1987).  

 Interfacial tension is one of the key factors that may cause the non-recovery of about one- 

third of the oil or condensate-originally-in-place by gas drive or waterflooding alone (Jennings 

and Newman, 1971). The microscopic displacement efficiency is a function of the interactions 

between the pore geometry of the reservoir rock and interface boundary conditions. The major 

interfacial interactions are interfacial tension, capillarity, wettability, and interface mass transfer. 

These interactions control the distribution of fluids and their flow behavior in porous media 

(Wagner and Leach, 1966; Taber, 1969; Harbert, 1983). These interfacial properties strongly 

depend on thermodynamic conditions – pressure, temperature, and phase composition. 

 Capillary and gravitational forces render some amounts of condensate immobile and thus 

make it unrecoverable. To a large extent, both forces govern the mobility of reservoir fluids and 

thus resist externally applied viscous forces. Therefore, condensate trapping can be viewed as a 

competition between viscous forces which tend to mobilize the condensate; capillary forces 

which tend to trap it; and gravitational forces which tend to pull the freely-floating condensate 

drop downwards towards the lower edge of the pore channel. 

Condensates recoveries under gas injection processes are usually greatest under 

conditions of miscibility of injected gases with in-situ condensate pools. There are different ways 

by which miscibility can be achieved: First contact miscible solvents mix with reservoir 

condensates in all proportions and the mixtures will always remain single phase. Multiple- 

contact or dynamic miscibility attains miscibility at the appropriate pressure and composition by 
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in-situ mass transfer of condensate solvent components through repeated contact with reservoir 

condensate.  The vaporizing gas drive process attains miscibility by in-situ vaporization of 

intermediate molecular weight hydrocarbons from the reservoir condensate into the injected gas. 

In condensing gas drive, the injected gas loses some components to the condensate. Vaporizing 

gas drive miscibility depends on condensate composition, temperature, pressure, and density.   

  Miscibility can be attained by managing reservoir pressure. Besides miscibility, gas 

injection can also be used to maintain reservoir pressure and immiscibly displace condensate. 

When analyzing facilities cost, it is important to put into consideration the pressure of both 

injected gas and reservoir given that compressors are required to compress the injected gas.  

 

4.4.2 Fluid Composition 

 When considering embarking on a gas injection project, high priority should be given to 

the composition of the proposed injection fluid given the fact that miscibility between the 

injected gas and in-place condensate is a function of pressure and composition.  Miscibility is 

achieved by changing the composition of the injected gas by the addition of either heavier 

hydrocarbons or acid gas components. Lighter oils are more susceptible to displacement by 

injected gas than heavier oils because they are more amenable to develop miscibility with the 

injected gas. Furthermore, lighter oils have more favorable mobility ratio due to lower viscosity, 

and are less prone to precipitate asphaltenes and heavier ends after making contact with injected 

gas.  

Swelling and slim-tube tests are often conducted to determine conditions for miscibility 

of injected solvent with condensate. The tests are used to determine phase volumes, densities, 

and viscosities for injected solvent/condensate mixtures as a function of pressure and content of 



 

77 

 

injected solvent. The results obtained from these tests are useful for developing a set of equation 

of state parameters that are used to characterize the solvent/condensate system. The tuned 

equation of state is then used to develop phase behavior and viscosity input for numerical 

simulation.  

 When a rich injection gas, such as CO2 is injected into the reservoir, it interacts with the 

natural gas through conventional dispersion and diffusion processes. However, once CO2 

encounters condensate, physical components extraction and condensate swelling take place 

thereby saturating the encountered condensate volume with injected gas. Therefore, the 

condensate that has been partially or completely saturated with CO2 has a different composition 

compared to the original condensate. 

4.4.3 Reservoir Characteristics 

 The characteristics of the target reservoir, to a large extent, determine the success of the 

applied mitigation technique. For example, the sweep efficiency of injected gas is usually poorer 

than that of water flooding. This is because, compared to water, gas is less viscous and hence is 

more susceptible to finger through the more viscous in-place condensate, channel through zones 

with higher permeability streaks, and break through prematurely to producing wells.  

 Also, gravity override may occur in horizontal floods because the gas is less dense than 

the condensate it is displacing. When vertical communication is high, gas will move over to the 

top of the reservoir and sweep only the top part of that zone. For some steeply dipping reservoirs 

or reservoirs with high vertical communication, it is more advantageous to inject less-dense gas 

at the top of the reservoir in a gravity stable process. The sweep efficiency of the injected gas 

and condensate recovery for a gravity-stable process can be quite high provided there is enough 

vertical continuity (Douglas and Weiss, 1991).  
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 Lawrence et al. (2003) listed some reservoir characteristics that are amenable to gas 

injection and these include: 

 High dip angles – gravity stable displacement 

 Minimal permeability heterogeneity 

 Presence of vertical permeability barriers or baffles to reduce the rate of vertical 

segregation of injected gas 

 Fining upward deposits – A higher permeability zone being overlain by less permeable 

layer. 

 

4.4.4 Relative Permeability 

 The mobilities of the injected gas and in-situ condensate are functions of relative 

permeability. For formations where viscous fingering and gravity override occur, the severity of 

their occurrence is partly dependent on the mobilities of both the injected gas and in-situ 

condensate.  

 Relative permeability is an encompassing parameter that includes heterogeneity of 

reservoir rock and fluids, wettability characteristics of the formation rock, fluids saturations as 

well as other micro and macro influences (Saraf and McCaffery, 1985; Honarpour et al., 

1986; Mathiassen, 2003). Relative permeability determines the gas condensate well 

deliverability (Shi, 2009).  
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4.5 Characterization of Reservoir Fluids 

 The two major parts of a compositional reservoir simulation study are the Pressure, 

Volume and Temperature (PVT) data and reservoir grid (Kenyon and Hehie, 1997). The 

standard PVT experiments conducted for a gas-condensate fluid include recombined well stream 

compositional analysis, Constant Composition Expansion (CCE), and Constant Volume 

Depletion (CVD) (Whitson and Brule, 2000).   

CVD tests are considered to be representative of the primary depletion and retrograde 

condensation behavior of gas condensate reservoirs. CVD test provides data, such as dew point 

pressure, gas produced, condensate drop out, and gas compressibility factor (Z) at different pre-

determined pressures ranging from initial reservoir pressure to separator pressure. The 

compressibility factor needs accurate determination in a gas-condensate reservoir simulation to 

get an accurate and consistent estimate of the initial gas and condensate in place. Further, it is 

needed to accurately model the gas and condensate recovery as a function of pressure during 

depletion drive.  

 An equation of state (EOS) model is required to give a good match with the measured 

PVT data. A good match is adequate to describe gas condensate depletion. More so, EOS is 

required to quantify phase behavior – vaporization, condensation, and near critical miscibility – 

which develops in gas cycling below the dew point. Any EOS used in the simulator to 

characterize the reservoir fluid property should be able to describe the properties of each 

component in the characterization. The EOS approach is usually used for natural gas systems 

because it is applicable at high pressures for both liquid and vapor phases.  

 The primary input data into the EOS is the composition (mole percent) of the reservoir 

fluid. The PVT study entails analysis of reservoir fluid composition and ends up with analysis of 
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the undefined plus fractions, known as C7 plus fraction which contains an innumerable number 

of carbon numbers greater than 7. CCE test provides data on the molecular weight and specific 

gravity of the C7 plus fractions. C7 plus fractions need to be characterized in order to obtain an 

agreement between EOS and laboratory results for gas condensate.  

 

4.5.1 Constant Volume Depletion (CVD) 

 The CVD experiment gives an excellent representation of gas condensate reservoir 

undergoing pressure depletion. The CVD test provides five important laboratory data and these 

include: 

 Dew point pressure 

 Compositional changes of the gas phase with pressure depletion 

 Compressibility factor at reservoir pressure and temperature 

 Gas and condensate recovery at different pressures 

 Condensate  saturation 

4.5.2 Constant Composition Expansion (CCE) 

Data from the constant composition experiment are very crucial. Measurements reported 

are relative volume which is defined as the volume of gas or gas and condensate mixture divided 

by the volume at the dew point pressure (Whitson and Brule, 2000). Other laboratory 

measurements obtained from CCE test include: 

 Dew point pressure 

 Isothermal compressibility coefficients of the single-phase fluid above the dew point 

 Gas compressibility factor above and below the dew point pressure 
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4.5.3 Matching PVT Data in EOS 

A cubic EOS is a simple equation that relates pressure, volume, and temperature. 

Volumetric behavior is calculated by solving a cubic equation. This equation, expressed in terms 

of the gas compressibility factor Z can be written as 

01

2

2

3 AZAZAZ   = 0                                      (1) 

A number of EOS models, such as Peng Robinson Equation of state (PR EOS) currently exist for 

characterizing the properties of reservoir fluids. 

The Peng Robinson Equation of state was developed in 1976 (Peng & Robinson, 1976). 

PR EOS will be used to model the phase Equilibria of the CO2-hydrocarbon-H2S-H2O mixture 

because of its simplicity (only 2 unknown parameters) and its widespread use in petroleum 

engineering (Daridon et al., 1993; Almehaideb et al., 2000). PR EOS has become a standard 

tool for calculating the vapor-liquid equilibria of fluid mixtures, especially for fluid mixtures 

encountered in the natural gas and petroleum industries. 

The equation is stated below; 
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At critical point, the following result is obtained: 
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The parameter  is given by the expression: 

  25.011 rTm   

where 226992.054226.137464.0  m  
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After validating the PVT data, these data will be used to develop an EOS model. The 

computed data obtained from EOS will be fit with measured PVT data using non-linear 

regression procedure.  A successful EOS characterization is a heuristic process.   

 Alternatively, Dranchuk-Abou-Kassem equation of state can be fitted to laboratory 

measured compressibility factor using a least square optimization technique to extract optimized 

pseudo-critical properties that define BEC sour gas condensate fluid.  The optimized pseudo 

critical parameters obtained from this procedure could then be used with Dranchuk-Abou-

Kassem equation of state or any other equation of state correlations that requires reduced 

pressure and temperature as input parameters to compute gas compressibility factors and other 

Black oil PVT data at the required reservoir pressures and temperature.  

 

 

 

 

 

 

 

 

 

 

 

 

 



 

83 

 

 

 

 

CHAPTER 5 

HISTORICAL PRODUCTION DATA ANALYSIS, AVERAGE RESERVOIR PRESSURE 

MODELING AND FORMATION ROCK CHARACTERIZATION 

 

 

5.1 Introduction 

Reservoir modeling is a broad structure that is used to appraise and optimize the 

performance of oil and gas reservoirs. Many key formation and fluid properties greatly influence 

oil and gas recovery and these properties can be captured by use of numerical simulators. 

Furthermore, many crucial questions that border on the optimum development of both new and 

mature oilfields can be answered by development of a framework based on accurate 

characterization of the reservoir. Accurate characterization of reservoir rock and fluid properties, 

and successful modeling of average reservoir pressure hold the key to a successful reservoir 

engineering studies.  

Prior to development of a framework, it is crucial to perform detailed field-wide 

production performance analysis given that production diagnostics provide spatial relationship of 

reservoir properties and help establish field-wide trend, which may aid the understanding of 

some latent reservoir characteristics. Production performance analysis entails establishing a trend 

in cumulative oil, gas, condensate, and water production from the entire wells in the field, as well 

as the compositional variations in fluid properties with depth within the reservoir structure.  
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5.2 Data Acquisition 

All the data (geologic, petrophysical, and reservoir engineering data) pertaining to BEC 

field are available at the Oil and Gas Board of Alabama. The data acquired include historical 

production data, petrophysical data (core porosity and permeability), analyzed fluid data (fluid 

compositions), and PVT data (formation volume factors, Gas oil ratio, and compressibility 

factor). Production data comprises monthly total gas produced (Mcf), condensate produced (bbl), 

and water produced (bbl).  Given that the data acquired was large, a data base was developed for 

them. In addition, the relevant data acquired were processed and validated to ensure successful 

performance of reservoir simulation study of Big Escambia Creek (BEC) reservoir.  

5.3 Historical Production Data and Reservoir Fluid Composition Analyses 

5.3.1 Field-wide Production Performance Analysis 

Production data analysis was undertaken to delineate spatial relationship of reservoir 

properties in BEC field. Figure 5.1 presents the historical behavior of the condensate, total gas, 

sales gas, and water production rates at BEC field since start of production in February 1972.  As 

shown in Figure 5.1, the total gas and condensate peaked at 6141 Mcf/Day and 298.82 bbl/Day, 

respectively, after 222 months the field has been placed on production. Thereafter, the total gas 

and condensate flow rates reduced steadily.  Figure 5.2 is a field-wide cumulative production for 

condensate, total gas, and water. The figure shows that cumulative total gas and condensate 

production are nearing plateaus and therefore should not be expected to change significantly 

except there is deliberate intervention through enhanced hydrocarbon recovery techniques, such 

as carbon dioxide flooding. However, Figure 5.2 reveals that the cumulative water production 

curve is still increasing. As of August, 2011, BEC field has produced 1.05 Tcf of gas, 66.19 

MMbbl of condensate, and 5.9 MMbbl of water. 
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                    Figure 5.1: Production history of  BEC field 
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           Figure 5.2: Cumulative production of BEC field. 

 

Figure 5.3 presents the field-wide variation in producing hydrocarbon ratios with time. 

The figure shows that the ratio of total produced gas-to-condensate was gradual for the first 200 

months of production before it increased drastically. The increasing ratio of total produced gas-

to-condensate is an indication of decreasing well condensate deliverability at the surface facility, 

which could be attributed to condensate banking (Aflidick et al., 1994; Barnum et al., 1995; 

Rahim et al., 2002; Xiao and Ahmad, 2004; Al-Anazi et al., 2005; Barker, 2005; Krukrubo 

and Gringarten, 2009; Giamminonni et al., 2010; Huerta et al., 2012). However, the 

condensate- to-sales gas and sales gas-to-total produced gas ratios have remained relatively 

constant over the producing life of the field.  
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                  Figure 5.3: Ratios of produced gas and condensate at BEC field. 

 

 

5.3.2 Reservoir Fluid Compositional Analysis 

 Compositional changes in reservoir fluids with depth not only occur in thick reservoirs, 

but also in relatively short vertical columns. This phenomenon is not limited to gas-condensate 

reservoirs or volatile oils, but is also observed in heavy oil reservoirs (Mullins et al., 2007). 

Compositional variations in fluid properties occur only in continuous or interconnected 

reservoirs in which the fluid compositions vary with depth (Canas et al., 2008).   
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A number of factors, such as gravity, temperature, reservoir and fluid properties, 

geological structure, and the accumulation process may greatly impact spatial compositional 

variation of hydrocarbon fluids in reservoirs. For reservoirs with thick producing intervals, the 

mole fraction of the lighter components decreases with depth, while the mole fraction of the 

heavier components increases from the top to the bottom of the reservoir due to gravity 

segregation. Such compositional variations, especially in near-critical reservoirs, such as gas-

condensate and volatile reservoirs, have profound effect on the estimation of initial in situ 

hydrocarbons, prediction of oil/gas contact location, and on reservoir development strategies 

(Barrufet and Jaramillo, 2004). In addition, variation of components mole fractions with depth 

may affect reservoir fluid properties (Schulte, 1980).    

Compositional data analysis was performed for BEC reservoir to investigate 

compositional variation of reservoir fluid components (components mole fraction) with depth 

over the geologic structure of the reservoir as shown in Figure 5.4. Structurally, as shown in 

Figure 5.4, the BEC field is a simple northeast-southwest trending anticline. The flanks of the 

field dips gently to the west about two degree (2
o
) as the field rolls into the Foshee fault, a major 

geological feature in this area. The reservoir is bounded by the Foshee fault from northeast to the 

north.  Figure 5.4 shows that the highest point of the reservoir lies in the northeast area of the 

field and gradually lowers in an approximate radial pattern to the southwest. 
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 Figure 5.4: Structure map of the top of Smackover Reservoir. 

In order to facilitate understanding of the spatial distribution of BEC fluid components 

over the geologic structure, contours of the light (Methane), intermediate (Normal butane), heavy 

ends (Heptane-plus), and non-hydrocarbon (CO2, H2S) components of the hydrocarbon were 

developed. The distribution of light (methane), intermediate (normal-butane), and heavy end 

hydrocarbons are shown in Figures 5.5 to 5.7. Figure 5.5 shows that the distribution of methane 

is not controlled by the specific gravity rule. It has the lowest concentration mid-structure 

spanning from north to south and increases in concentration eastward and westward of the 

formation. Normal butane shown in Figure 5.6 has the highest concentration at the southeast 

lower-end of the formation and increases in concentration northeast updip of the formation.  

However, the mole fractions of both methane and normal butane did not show any well defined 

gradation from the top of the formation to the bottom.  

 

N 
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Figure 5.5: Methane distribution in BEC reservoir 
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                   Figure 5.6: Normal-butane distribution in BEC reservoir 

Figure 5.7 shows the distribution of heptane-plus within the formation. It is clear that the 

distribution of normal butane and heptane-plus obeyed the gravity rule showing higher 

concentrations downdip and lower concentration updip of the structure. From Figures 5.5 to 5.7, 

it is apparent that the northeast area of the formation has a higher concentration of methane, but 

low concentrations of normal butane and heptane-plus.  
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    Figure 5.7: Heptane-plus distribution in BEC reservoir 

 Figures 5.8 and 5.9 show the distribution of non-hydrocarbon components within 

Smackover portion of BEC field.  Figure 5.8 shows that the lowest concentration of hydrogen 

sulfide is lowest along the northeast-southwest axis of the reservoir while it is dominant in the 

northwest area. The mole fractions of H2S vary from place to place over the depth of the 

reservoir. On the other hand, the lowest concentration of carbon dioxide mole fraction occurs at 

the base of the reservoir in the southeast and increases gradually to the top of the formation.  
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                   Figure 5.8: Hydrogen sulfide distribution in BEC reservoir 
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           Figure 5.9: Carbon dioxide distribution in BEC reservoir    

 

 

The compositional variation analysis performed on BEC fluid components shows that 

while the spatial distribution of some component mole fractions over the geologic structure obey 

the gravity rule, others do not. For example, the compositional variation of CO2 and Heptane 

plus from the top of the geologic structure to the bottom follows the gravity rule. However, the 

compositional variation of CH4, N-Butane and H2S over the geologic structure does not obey the 

gravity rule given that the mole fractions vary from place to place, and thus show no well defined 

compositional gradation.  
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5.4 Modeling Average Reservoir Pressure 

The knowledge of average reservoir pressures and how they vary with time are essential 

for establishing the Original Oil in Place (OOIP) or Original Gas in Place (OGIP), estimating 

hydrocarbon reserves, as well as for monitoring and enhancing reservoir performance (Agarwal, 

2010). In addition, average reservoir pressure data are essential for performing volumetric or 

material balance calculations. Average reservoir pressure can be modeled with bottom-hole 

pressure data. 

 Bottomhole pressures control the deliverability of natural reservoirs and thus are vital 

when reservoir behavior is studied. There are two types of bottom-hole pressures – static 

bottomhole pressure and flowing bottomhole pressure. The pressure data available for BEC field 

are static bottom-hole pressure (Appendix 3) obtained during pressure surveys conducted 

biannually on some wells in the field and these data will be used to compute the average 

reservoir pressures.  

Bottom-hole pressure buildup data can be obtained either from fluid-level measurements 

or from subsurface pressure-gage readings. When a producing well is shut in, the pressure in the 

wellbore which is opposite to the producing formation will start to rise, rapidly at first and then 

more slowly, until it finally reaches a maximum. This maximum pressure is called the static 

bottom-hole pressure, and it will be attained when the pressure in the wellbore is in equilibrium 

with the pressure in the surrounding formation.  The knowledge of static bottom-hole pressure is 

vital in reservoir engineering work and for reserve estimates and proration purposes (Arps, 

1949). Craft and Hawkins (1991) stated that this pressure can be calculated as average well 

pressure, average areal pressure, or average volumetric pressure as shown below: 
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where P is the static bottom-hole pressure for each well, n is the number of wells, A the drainage 

area for each well and h the net thickness. The most accurate method is the volumetric average 

pressure; however, Craft and Hawkins (1991) stated that provided the pressure gradient across 

the field is small, the average pressures calculated by the three methods are close. Consequently, 

the average well pressure method was used to calculate the average reservoir pressure for BEC 

field given the small variation in the pressure gradient across the field. Figure 5.10 is an isobaric 

map of static pressure across BEC field. 

 Static bottom-hole pressure data obtained at a datum height of 15,100 ft subsea from 

BEC field based on pressure survey carried out biannually on some wells are shown in Appendix 

4. The average reservoir pressure was computed on a biannual basis using the available static 

bottom-hole pressure. The plot of pressure depletion as a function of time is shown in Figure 

5.11. The graph shows an exponential decline in pressure as a function of time and this decline 

can be modeled by an exponential function given in equation 4.  

Average Reservoir Pressure =8400*exp (- 0.053*t)             (4) 

 

where t is time in years. 
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The exponential function in equation 4 above shows that the initial average reservoir 

pressure is 8400 psi, which differs from the initial reservoir pressure of 7662 psi. This difference 

could be attributed to the quantity and quality of static bottom-hole pressure data of the wells 

used in modeling average reservoir pressures. Despite this difference, the model quite reflects the 

depletion of average reservoir pressures in BEC field. 

Figure 5.12 is a contour map of pressure distribution across the field eleven years after 

initiation of production. Figure 5.12 shows that except for the slightly larger pressure depletion 

in the southeast, pressure depletion across the field has been fairly uniform. Figures 5.10 to 5.12 

show that pressure depletion across the field has been fairly uniform. The possibility of 

compartmentalization within the field is not totally ruled out given that some wells have lower 

average pressure relative to others as shown in Figure 5.10; however, the uniform depletion of 

average reservoir pressure within the BEC field as shown in Figure 5.11 indicates that the 

likelihood of occurrence of compartmentalization is slim.  

  

       Figure 5.10: Isobaric average reservoir pressure map in 1972 
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                   Figure 5.11: Average reservoir pressure variation with time. 

 

Pressure =8400*exp (- 0.053*t) 
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Figure 5.12: Contour of average reservoir pressure in 1984 
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5.5 Formation Rock Characterization 

5.5.1 Well Log Analysis 

 Reservoir characterization is the development of a comprehensive understanding of the 

reservoir, how it is put together, and how it reacts to production strategy. Porosity and 

permeability data are among the essential building blocks to accurately characterize the reservoir 

for numerical process simulation.  

 Knowledge of the porosity and how the pores are interconnected is vital to understanding 

how fluids are transmitted from the reservoir to the production wells. These data are obtained 

from a number of sources, such as geophysical well logs analyses, core plug analysis, well tests, 

whole core analysis, and C-T scans (Kramers, 1994). Measurements of porosity and 

permeability are based on small representative samples, such as core plugs or whole cores, which 

are cored from the reservoir. Well log porosity data obtained from analysis of geophysical well 

logs can give continuous profiles of porosity provided they are calibrated to core measured 

porosity data. Permeability cannot be derived directly from well logs, but may be obtained from 

models that relate it to porosity, thus allowing the prediction of permeability profile in the 

reservoir.  

 In BEC field, many of the well log suites available were conducted in the 1970s and 

many of them were borehole compensated logs. The well log types selected for porosity 

correlation are Density porosity (DPHI), Neutron porosity (NPHI) and sonic logs. These well 

logs are implicitly indicative of porosity and were readily available across the field. DPHI and 

NPHI, which are indirect measures of porosity, were used for computing total porosity for BEC 

field.  
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Both selected Density and Neutron well logs for each well were digitized using neuralog 

(digitizing software) and processed. The neutron and density porosities obtained from well logs 

were used together to compute the total porosity of the formation. The use of a combination of 

density and neutron logs in determining porosity is to ensure that the effect of lithology is 

cancelled out. The true porosity may be estimated either by taking the average of the two log 

readings or by applying the root mean square equation, which is well suited for gas bearing 

formations. This equation is preferable since it helps to suppress the effects of any residual gas in 

the flushed zone. Since BEC field is a gas bearing formation, the root mean square equation 

(Asquith and Krygowski, 2004) given by equation 5 was used to calculate the total porosity.  

2

22

DN
NDgas





                  (5) 

where 
gasND  is the total porosity, N is neutron log porosity and D is density log porosity. 

 Further, the Schlumberger porosity crossplot chart shown in Figure 5.13 was used to 

validate the total  porosity computed from root mean square equation through performing a cross 

plot between density and neutron log derived porosity. The data obtained was regressed with 

data obtained from using the root mean square method. As shown in Figure 5.14, there is a good 

agreement between the two methods.  

5.5.2 Calibration of Well Log Data and Formation Permeability Estimation 

There are a total of 52 wells with well log data out of which only 27 have cored data. 

Some of the cored intervals were lost and some sections of the wells were not cored at all. Prior 

to performing any type of regression analysis on log responses and core data, it is important that 

data from each well be depth shifted to ensure that porosity values are carefully compared. 

According to Jennings (1999), such an exercise is undertaken in an attempt to improve 



 

102 

 

petrophysical evaluation. This procedure is performed with the implicit assumption that a shift to 

match the core properties at the core sample points will be valid for the entire well.  

 

 

Figure 5.13: Schlumberger Chart  

The computed total porosity obtained from both Neutron and Density porosities were 

depth matched with the core measured porosity by plotting core measured porosity against log 

derived porosity. This plot was correlated by shifting the core data vertically to achieve the best 

fit possible between the two data sets. This process was continued until the best agreement was 

achieved between core and log derived porosity data. Figures 5.15 through 5.17 show plots of 

core data versus log derived porosity for wells PN_1704, PN_1837, and PN_3627, respectively. 

These figures show that there is a good match between cores measured and well logs derived 
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porosities. Having obtained a good fit, correlations between core and log data were developed. 

The developed correlations for each well were then used to calculate equivalent core porosity 

data. The computed core equivalent porosity data were then used to fill in missing porosity data 

in uncored intervals and at intervals were cored samples were broken and hence could not be 

analyzed (Burwell and Hadlow, 1977).  Core data for PN_1704 and PN_1705 are shown in 

Appendix 1. 

 

 

       Figure 5.14: Schlumberger Xplot porosity vs. RMS computed porosity 

 

SC_Porosity = 1.03*RMS_Porosity 
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          Figure 5.15: Log derived porosity vs. Core porosity for Well PN_1704 

 

 

                    Figure 5.16: Log derived porosity vs. Core porosity for Well PN_1837 

Core_poro= 0.9098*Well log Poro + 2.85 

Core poro= 0.8392*Well log Poro + 3.22 

 



 

105 

 

 

 

Figure 5.17: Log derived porosity vs. Core porosity for Well PN_3627 

 

Permeability is a key parameter for reservoir characterization and an important variable 

for both petroleum geology and petroleum engineering. Measurement of permeability, whether 

through direct or indirect method, is a complicated and costly project. In general, permeabilities 

can be estimated via three methods: core analysis, well log analysis, and well test analysis. 

Usually, permeability estimation using well logs is the least costly way to establish permeability 

profiles. The relationship between permeability, porosity, and other well log responses is often 

used to develop predictive equations for developing permeability profiles in uncored wells and 

intervals between wells and this relationship can be established by use of statistical regression 

analysis which may be parametric or non-parametric. 

Core_poro= 1.0352*Well log Poro + 0.4681 
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Regression analysis is a statistical tool used for investigating the relationships between 

variables. This relationship attempts to establish the causal effect of one variable upon another. 

To establish the relationship between these variables, data on the underlying variables of interest 

are assembled and regression is employed to estimate the quantitative effect of the causal 

variables upon the variable that they influence. Regression analyses have been central to the field 

of reservoir engineering, especially in reservoir description. It is common practice to develop 

correlations between permeability and porosity on the basis of core data and then use the 

obtained correlations to predict permeability in uncored wells using well logs-derived porosity 

(Bloch, 1991; Yao and Holditch, 1993; Johnson, W.W., 1994; Molnar et al., 1994; Wendt et 

al., 1986). 

 In this research project, linear regression was used to establish relationships between 

core porosity and logarithmically transformed core permeability data for each cored well. The 

obtained regression models were used to generate permeability profiles, which were then used to 

fill in permeability data in uncored intervals and in intervals with missing core samples. Figure 

5.18 presents a plot of core porosity versus logarithm of permeability for well PN_3339.  
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       Figure 5.18: Core porosity vs. Log Permeability for Well PN_3339 

 

Figure 5.19 is a composite plot of all core porosity data and logarithmically transformed 

permeability data obtained from all cored wells in BEC field after applying a cutoff (7% porosity 

and 0.04mD permeability). As is evident in Figure 5.19, there is significant scatter around the 

regression line. Therefore, it is pertinent to use a subset of laboratory measured porosity and 

permeability data obtained from some key wells in the field to develop a correlation that could be 

used to predict permeability in uncored wells using well logs-derived porosity.  

The data subset is selected such that the most reasonable log porosity - permeability trend 

can be established. To achieve this, the procedure listed below could be followed:  

1. Select a subset of  measured porosity and ln(measured permeability) 
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2.  Fit a straight line to the selected measured porosity and ln(measured permeability ) 

and get the slope (m) and intercept (b). 

3. Calculate error = ln(measured permeability) -ln(calculated permeability)  

4. Create a histogram of the error. The histogram should show randomly distributed 

error. 

5. Find the mean, median, and standard deviation of the subset measured permeability. 

6. Exclude all points more than 3 standard deviations from the median. 

7.  Repeat steps 1 through 5 until median and mean are nearly equal and nearly zero. 

Alternatively, you could classify entire core porosity and corresponding permeability data into 

smaller subgroups. Follow steps 2 through 7 for each subgroup and thereafter combine all data 

from subgroups that have nearly equal mean and median values. Make a plot of selected data and 

remove outliers.  

Figure 5.20 is a plot of porosity versus natural logarithm of permeability for the data 

subset that satisfied steps 1 through 7 above. A least square fit was applied to data in Figure 5.20 

and based on this fit a regression model shown in equation 6.0 was developed between natural 

logarithm of permeability and porosity obtained from core data. Equation 6 was used to generate 

permeability data for wells that do not have laboratory measured permeability data.  

 

ln (Measured Permeability) = (0.3857*Measured Porosity) - 3.9788          (6) 

 

Figure 5.21 shows a plot of the entire measured porosity and permeability data after 

applying the cut off and the selected data subset. Figure 5.21 shows that the data subset has less 

scatter around the regression line compared to the fit to the entire data that shows significant 
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scatter. The data subset will therefore give the most reasonable log porosity - permeability trend. 

Figures 5.22 and 5.23 show the histogram plots of the errors. As are evident on Figures 5.22 and 

5.23, the errors show normal distribution indicating that errors are distributed around zero error.  

 

 

Figure 5.19: Composite plot using all measured core porosity and log (permeability) data in BEC 

field. 
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Figure 5.20: Composite plot using selected measured core porosity and ln (permeability) data in 

BEC field. 

 

Figure 5.21: Composite plot using entire and selected measured core porosity and Ln 

(permeability) data in BEC field. The entire and selected data set are represented with red and 

black markers respectively.   
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 Figures 5.22: Histogram of   error (measured permeability – calculated permeability) 

 

        Figures 5.23: Histogram of   error (ln (measured permeability – calculated permeability) 
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5.5.3 Smackover Reservoir Structure and Field Extent 

 Halvatzis (2000) performed a study on BEC field to provide a better understanding of the 

petroleum geology and reservoir characteristics. Figure 5.24 presents a structure map of 

Smackover reservoir portion in BEC field. BEC field shows an average dip of 2 degrees across 

the field and is bounded on the west by Flomaton. As reflected in Figure 5.24, three types of 

boundaries define the limit of the Smackover reservoir. 

 

 Fault boundary along the northeastern edge of the field 

 Permeability barriers (non-porous and non-permeable rock) that flank the eastern and 

northwestern edges of the reservoir 

 Gas-Water-Contacts (GWC) located downdip and updip of the reservoir. 

 

 

Figure 5.24: Modified BEC structure map (Halvatzis, 2000) 
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The BEC field has no well defined Gas-Water-Contact (GWC), but a series of gas-water 

contacts that occur at different depths across the formation because of the discontinuous nature 

of the porosity development. A number of wells do not have true gas-water contacts.  These 

wells show a lowest proven gas contacts that is separated from the next porous interval by a tight 

rock that is non-productive. As a consequence of these varying water contacts, “BEC field does 

not a true wedge zone and water contact configuration” (Halvatzis, 2000).   

In order to establish a consensus gas-water contact for BEC field, BEC Field Geological 

Committee was set up. In 1987, this Committee selected a GWC of 15313 ft subsea as the lower 

productive limit of the Smackover reservoir. This contact was selected because there are no non-

productive wells updip and no productive wells downdip. However, some wells in the 

northwestern edge of the reservoir were exempted from this consensus lower limit because they 

have highest proven water at a depth of 15339 feet (Halvatzis, 2000). For the purpose of this 

research project, 15313 feet subsea was used as reservoir limits for some wells in BEC field and 

values over the adopted reservoir boundary limit of 15313 ft subsea were used for 11 wells: 

PN_1802, PN_1837, PN_1895, PN_1919, PN_1945, PN_2050, PN_2072B, PN_2160B, 

PN_3621, PN_4485B, and PN_4727.  

 

5.5.4 Reservoir Properties Maps and Geologic Control 

 Knowledge of net pay and reservoir area is very important for effective development and 

production of hydrocarbon resources, as they are required to compute the hydrocarbon volume. 

The evaluation of reservoir volumes requires the determination of cutoffs, so that the net 

reservoir intervals that contain enough hydrocarbons can be identified. Cut offs are used to 

determine reservoir net pay. Net pay is defined as that part of the gross rock thickness that 
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contributes to economically viable hydrocarbon production.  Gross thickness is defined as the 

interval from the top to the base of the reservoir including all non-reservoir rock such as shales, 

anhydrites, and salts.  

After the application of appropriate cutoffs, three critical petrophysical reservoir 

parameters, such as porosity, permeability, and water saturations are used to provide information 

about the pore volume, hydrocarbon pore volume, and flow capacity of potential pay zones. 

These values are needed to evaluate hydrocarbon in place, recoverable reserves, and wells 

productivity.  Usually, formation cutoffs are used to eliminate formation intervals that do not 

have the potential to contribute significantly to the storage and productive capacity of the 

reservoir; however, there are no generally acceptable criteria for the application of cutoffs in the 

petroleum industry (Caldwell and Heather, 2001; Worthington and Cosentino, 2005).  It is a 

common practice among petroleum companies to use different cutoff criteria to obtain different 

approximation of productive intervals within the same reservoirs. Given the arbitrary nature of 

cutoffs determination, Worthington (2008) advised that cutoff criteria should be worked out for 

each reservoir that is in tandem with the objectives of the reservoir evaluation process as regards 

in-place-hydrocarbon volumes, displacement mechanisms, and projected hydrocarbon 

recoveries.  

 The gross pay thickness, net pay thickness, and porosity-net-thickness product maps were 

generated for BEC reservoir in order to investigate the effect of total pore volume and by 

extension geologic control on reservoir performance. Also, statistical analysis of porosity data 

within the perforated intervals of the production wells was performed to aid selection of an 

appropriate cutoff value. As shown in Figure 5.25, the smallest porosity value in the histogram 

for porosities within the reservoir pay zone is 7 %; therefore, a porosity cut off value of 7 % was 
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selected. Moreover, for porosities in cored intervals with acceptable permeability values, a cutoff 

value of 6.0 % was used. Both porosity cutoff values are in agreement with a porosity cutoff 

value of 6.7 % used by Halvatzis (2000) to prepare his net pay map. Using the selected cutoffs, 

the gross pay thickness, net pay thickness (Appendix 2), and porosity-net-thickness products 

(Appendix 2) for reservoir rocks within the aforementioned reservoir limit were computed and 

mapped.   

 

Figure 5.25: Histogram for porosity data within perforated zones in BEC field 

After applying petrophysical cutoff, gross pay thickness, net pay thickness, net-to-gross 

thickness, and porosity-net-thickness product were mapped.  Figure 5.26 presents a map of the 
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gross reservoir thickness, and it can be observed that the reservoir gross thickness varies across 

the field.  The reservoir gross thickness ranges from 14 feet to 489 feet. Using the positions of 

the control points (wells) as a basis for judging the variation of gross thickness across the field it 

is evident that the area of maximum thickness is on the northeastern part of the field. The areas 

of lowest values of gross thickness stretch from the southwestern to the southeastern edges of the 

reservoir. 

 Figure 5.27 is a map of net pay across BEC field and as shown in the figure the variation 

of net pay across the field follows the same trend as gross thickness with maximum values 

concentrated on four major spots on the northeast, southwest, and southeastern edges of the 

reservoir. Net pay defines the effective thickness that is relevant to the identification of 

hydrocarbon flow units, demarcates target intervals for well completions, and stimulation 

programs. By implication, net pay defines the quality of a reservoir for hydrocarbon production. 

Figure 5.28 is a contour map of net to gross ratio; thus, it is a fraction of the productive part of a 

reservoir. The net-to-gross pay is an important parameter for volumetric calculations of 

hydrocarbons in place and a key indicator of hydrocarbon connectivity. The largest values of net-

to-gross pay are concentrated around the northeast, southwest, southeast, and along the 

northwestern flank of the reservoir.  
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  Figure 5.26: Smackover reservoir gross pay thickness map in BEC field 
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Figure 5.27: Net pay thickness map of Smackover reservoir in BEC field 
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Figure 5.28: Net to Gross ratio map of Smackover reservoir in BEC field 

It is important to correlate geologically defined model with the results from the 

production data analysis. Figure 5.29 shows the distribution of the cumulative gas production 

throughout the field. The plot shows that cumulative well deliverability across the field follows 

the same pattern delineated by net-to-gross ratio with highest production in the northeast, 

southwest, southeast, and northwestern edges of the reservoir. This implies that reservoir quality 

determines reservoir performance. 
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Figure 5.29: Map of cumulative gas production in BEC field 

 

Figure 5.30 shows the areal mapping of porosity-net-thickness product across BEC field. 

The plot shows that the maximum storage capacity of the reservoir are concentrated in major 

areas in the northeast, southeast, and southwestern edges of the reservoir. It appears that 

porosity-thickness product exercises primary control on gas production.  
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Figure 5.30: Porosity-net-thickness product map for BEC reservoir 

 Figures 5.31 to 5.33 present the cumulative water production across the field. The plots 

show that well PN_4473 which has the largest water production - average water production rate 

of 71.92 bbl/day - lies on the northeastern edge of the reservoir and shares a common boundary 

with Foshee fault; by implication, the fault may be a non-sealing fault as it allows water influx 

into the reservoir.  Wells PN_3537, PN_10087, PN_4550B, PN_4051B, and PN_16338 with 

average water production rates of 72.63, 120.46, 88.42, 106.59, and 86.96 bbl/day, respectively, 

lie on the southern and southeastern edges of the reservoir indicating possible water influx into 

the reservoir.  
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The plausible explanation for these high water production rates from these wells is 

probable water influx from the underlying aquifer into the reservoir. This is in agreement with 

the reservoir structure and model given by Halvatzis (2000) shown in Figure 5.24 in which he 

indicated water influx from the underlying aquifer into the reservoir on the northeastern, 

southern, and southeastern edges of the reservoir. The next ranking wells (PN_3621, PN_4992, 

PN_15687B, PN_14705, and PN_14182) in water production shown in Figure 5.33 have average 

water productions of 45.12, 32.53, 47.01, 38.25, and 36.10 bbl/day, respectively. The average 

water production rates from these wells could be explained away to increased mobilization of 

local connate water in the formation into these wells in question.  

 

                       Figure 5.31:Contour map of cumulative water production in BEC field 
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                     Figure 5.32: Bubble map of cumulative water production in BEC field 

 

Figure 5.33:  Bubble map of wells with largest water production rate in BEC field 
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5.6 Summary 

After performing comprehensive assessment of field-wide production data and 

compositional variation of reservoir fluid components with depth over the BEC geologic 

structure, as well as characterizing BEC rock properties, study results are summarized below: 

 The cumulative total gas and condensate production have plateaued, but water 

production was still increasing. Similarly, the ratio of total produced gas-to-condensate 

was gradual for the first 200 months of production and thereafter increased drastically. 

The increased ratio of total produced gas-to-condensate was an indication of 

decreasing well condensate deliverability at the surface facility, which could be 

attributed to condensate banking.  

 Spatial distribution of the CO2 and Heptane plus component mole fractions over the 

BEC geologic structure follows the gravity rule. However, the compositional variation 

of CH4, N-Butane and H2S over the geologic structure does not obey the gravity rule 

given that their mole fractions follow no well defined compositional gradation.  

 The use of core porosity, well log porosity and core permeability data with 

correlations obtained by a least square fit of porosity to logarithmically transformed 

permeability were sufficient to characterize BEC reservoir rock properties.  

 The BEC average reservoir pressures variation with time was modeled with a decaying 

exponential function using static bottom-hole pressures available for some wells on the 

field.  
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CHAPTER 6 

* OBTAINING PVT DATA FOR VERY SOUR GAS-CONDENSATE RESERVOIRS WITH 

LARGE ACID GAS CONCENTRATION: A CASE STUDY OF BIG ESCAMBIA CREEK 

(BEC) GAS CONDENSATE RESERVOIR 

 

Francis A. Dumkwu; Eric S. Carlson 

Department of Chemical & Biological Engineering. The University of Alabama, Tuscaloosa, 

Alabama, 35487-0203, USA. 

 

Abstract 

Gas condensate properties affect fluid dynamics considerably in porous media because 

they show significant pressure and compositions dependency. Given that changes in 

compositions and phase behaviors occur due to retrograde condensation, it is essential to 

characterize gas condensate properties using empirical correlations or equation of state models 

prior to performing a black oil or compositional simulation.  The modeling of gas condensate, 

especially sour gas condensate is very complex due to retrograde behavior and effect of 

hydrogen sulfide on the properties and PVT behavior of gas condensate fluids.  

In this paper, the least square optimization technique is used in a process where 

Dranchuk-Abou-Kassem EOS is fitted to gas compressibility factors measured at given reservoir 

pressures to extract optimized pseudo critical and reduced parameters that define the fluid. These 

optimized parameters are in turn applied to the Dranchuk-Abou-kassem EOS to compute 

accurate black oil PVT data at average reservoir pressures and temperature of interest. 

The success of this technique is demonstrated by matching the experimental PVT data for 

BEC sour gas condensate fluid. This technique provides accurate black oil PVT data for sour gas 
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condensate needed to perform vital reservoir engineering calculations. In addition, this technique 

is useful in reducing the arbitrariness associated with regression of heptane plus critical 

properties to obtain a good fit between computed and laboratory measured PVT data during EOS 

modeling of reservoir fluid for compositional simulation. 

 

Highlights 

 Dranchuk-Abou-Kassem (DAK) EOS is suitable for characterizing sour gas condensate  

 Using least square optimization, DAK EOS successfully produced measured PVT data  

 DAK EOS generated accurate PVT data at required reservoir pressures and temperature  

 Helps in selecting heptane plus critical properties for tuning during EOS modeling  

 

Keywords: Reservoir fluid characterization, Pseudo-critical properties, Fluid recombination, 

PVT, Least square optimization technique, Sour gas condensate, regression analysis, 

Dranchuk-Abou-Kassem EOS, CCE.  
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6.1 Introduction 

Gas condensate properties affect fluid dynamics considerably in porous media because 

they show significant pressure and compositions dependency. Given that changes in 

compositions and phase behaviors occur due to retrograde condensation, it is essential to 

characterize gas condensate properties using empirical correlations or equation of state models 

prior to performing a black oil or compositional simulation.   

 The gas condensate reservoir fluid is considered accurately modeled when there is a 

match between the data obtained from laboratory tests, such as constant composition expansion 

(CCE) and that obtained via modeling using an appropriate EOS model or any PVT empirical 

correlations. In order to achieve a good match between experimental and calculated fluid PVT 

data, the EOS needs to be regressed by generating pseudo-components such that monotonocity is 

preserved. This entails changing slightly the critical parameters of the heavier fractions. Thus, 

the regressed EOS represents the tuned equation that will accurately produce the properties of the 

reservoir fluid at various pressures and compositions.  Further, as stated by Coates and Smart 

(1986), the EOS constants which are functions of the acentric factor and the binary interaction 

parameters between methane and the heavier components are key regression parameters that 

need to be tuned to get a good match between experimental and calculated data using the tuned 

fluid model.    

In PVT simulators, reservoir fluid modeling requires selection of critical parameters of 

pseudo components – critical pressure, critical temperature, acentric factor, omega A and B, and 

S-shift – using regression analysis until the best fit of the predicted and actual values are 

achieved. Tuning a particular fluid entails using different critical properties of the pseudo 

components as well as their various combinations. Tuning of the EOS can also be achieved by 
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varying the binary interaction parameters between the C1 and the heaviest components. This 

process takes much time and can sometimes lead to ambiguous results. Given such uncertainty 

and flexibility in selecting regression parameters, the experience of the modeler and luck play a 

role. If the tuning quality is poor, the model is retuned again and again using different pseudo 

component properties until there is agreement between predicted and laboratory data (Schebetov 

et al., 2010).   

The modeling of gas condensate, especially sour gas condensate is very complex due to 

retrograde behavior and the effect of hydrogen sulfide on the properties and PVT behavior of gas 

condensate fluids. Carlson and Cawston (1996) provided a detailed account of the multi-

disciplinary approach they employed to obtain PVT data for very sour retrograde condensate gas 

and volatile oil reservoirs. The authors concluded that it was not possible to get a satisfactory 

PVT description, and consequently could not make reliable reservoir engineering calculations.  

Carlson and Cawston (1996) used an EOS program to investigate the effect of varying 

the concentration of hydrogen sulfide on the PVT behavior of reservoir fluid. Based on their 

analysis, they drew the following conclusions: 

 Increasing the concentration of hydrogen sulfide results in reduction of liquid 

dropout. 

 Reducing the concentration of hydrogen sulfide to half the initial concentration 

results in the system changing from a retrograde condensate to a liquid system.  

 Hydrogen sulfide has an effect on the dew point pressure of reservoir fluid; higher 

hydrogen sulfide concentration results in higher dew point pressure.  

These findings imply that hydrogen sulfide impacts greatly on the properties and PVT behavior 

of sour gas condensate system.  
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The standard PVT experiments conducted for gas condensate reservoirs are recombined 

well stream compositional analysis, CCE and constant volume depletion (CVD) (Whitson and 

Brule, 2000). During the matching of the measured PVT data with an EOS model, certain 

parameters rank higher in terms of the desired accuracy, and this in turn depends on the process 

being modeled. For instance, a good match of compressibility factor and compositional variation 

with pressure is sufficient to describe a gas condensate reservoir undergoing depletion (Imo-

Jack Otavie, 2010). The compressibility factor needs to be accurately determined in order to 

make an accurate estimate of the original hydrocarbon in place, as well as to accurately predict 

the recovery of gas and condensate as a function of pressure during depletion.  

CCE experiment has some advantages over CVD experiment for two reasons. First, it is 

much simpler to implement than CVD.  Second, the gas in the cell does not get drawn off in 

stages; hence, it is less susceptible to errors (Carlson and Cawston, 1996).  This position was 

corroborated by Schebetov et al. (2010) who stated that CCE test has principal advantages over 

other tests due in part to its simplicity and full compliance with the component material balance 

since the test is conducted in confined environments. If CCE experiment is assumed to have 

minimal error, it then implies that validation of CCE data using any EOS models or empirical 

correlations with little or no modification to any properties of the reservoir fluid in question 

should be a yardstick for judging the robustness of fluid characterization models. 

The prediction of parameters of a measurement requires a model of the system under 

investigation and a physical theory that links the parameters of the model to the parameters being 

measured. This prediction of observations given the values of the parameters defining the model 

constitutes the forward problem. The inverse problem consists in using the results of the actual 

observations to infer the values of the parameters characterizing the system under investigation.  
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 In this paper, the Dranchuk-Abou-Kassem equation of state is fitted to laboratory 

measured compressibility factor using a least square optimization technique to extract optimized 

pseudo-critical properties that define BEC sour gas condensate fluid.  The optimized pseudo 

critical parameters obtained from this procedure could then be used with the Dranchuk-Abou-

Kassem equation of state or any other equation of state correlations that requires reduced 

pressure and temperature as input parameters to compute gas compressibility factors and other 

black oil PVT data at the required reservoir pressures and temperature. This procedure is 

demonstrated by reproducing the measured compressibility factors, gas formation volume factor, 

and relative volumes obtained for BEC sour gas condensate fluid above the dew point pressure 

without splitting or tuning the properties of the heptane plus. The black oil PVT data obtained 

was used to perform a material balance calculation to estimate the initial gas originally in place 

at BEC field. 

6.2. BEC Sour Gas Condensate PVT Data Analysis 

A representative gas-condensate reservoir fluid sample collected from BEC field was 

flashed at surface conditions.  The surface separator gas and liquid products obtained were 

recombined based on the producing GOR of 56024 SCF/STB to generate the wellstream 

composition.  The wellstream comprises 12 components with C7+ as the characterized 

components.  Table 6.1 shows the recombined wellstream composition as well as the 

compositions of both separator gas and separator liquid prior to recombination.  

Two types of analyses could be performed on gas condensate systems and these include 

CVD and CCE. In order to simulate the pressure-volume relations of the gas-condensate system, 

CCE analysis was performed on BEC reservoir fluid and the result of the laboratory analysis is 
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shown in Tables 6.1 – 6.3. During CCE at 280 
o
F a retrograde dew point was observed at 2770 

psia, indicating that the reservoir is highly undersaturated in a single phase gas condition.  

 

6.2.1 Validation of Laboratory Recombined Wellstream Data 

 Prior to modeling the PVT data obtained from laboratory analysis of BEC fluid, it is 

important to validate the accuracy of the recombined wellstream using a set of appropriate 

mathematical equations. A portion of the subsurface sample collected from BEC field was 

flashed, the surface oil (condensate) and gas were collected from the separator, and the sampling 

gas oil ratio (GOR) of 56024 SCF/STB was recorded. The recorded measured surface liquid 

(condensate) molecular weight and specific gravity were 86.5 g/mol and 0.7346, respectively.  

 The surface samples are mathematically recombined to  

 
igigi xFyFz *1                 (1) 

  soo

g
RM

F
1333001

1


                (2) 

where zi  is the wellstream compositions, yi is the gas mole fraction, xi is the liquid mole fraction, 

Rs is the GOR, Mo is the oil molecular weight, o  is the oil specific gravity, and Fg is the mole 

fraction of wellstream mixture that becomes separator gas.  

The results shown in Table 6.4 were obtained when equations 1 and 2 were applied. From 

the mathematical recombination results, it is clear that the difference between the reported 

laboratory and calculated recombined wellstream data are less than 1% for all the components 

including the C7+ fraction. On the basis of this validated result, the physical recombination 

process is acceptable.   
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A critical look at the recombined well streams compositions of BEC fluid shown in Table 

6.1 reveals that the reservoir fluid is sour with acid gases (hydrogen sulfide and carbon dioxide) 

constituting 68 percent of the bulk fluid. The high concentration of acid gases, especially 

hydrogen sulfide implies that the PVT properties and phase behavior of the fluid could be 

affected.    

 

6.3. Methodology 

 A number of empirical correlations have been developed to determine the compressibility 

factors of natural gases. These correlations are based on some mixing rules, such as Stewart-

Burkhardt-Voo (SBV) mixing rule with Wichert-Aziz correlation that accounts for the presence 

of non-hydrocarbons. For the most part, these correlations are based on the gas compositions 

(Elsharkawy and Elkamel, 2000) while other methods are based on gas gravity alone. 

Elsharkawy and Elkamel (2000) analyzed a large data bank of PVT data to compare the 

accuracies of compressibility factors obtained via compositions-based and gravity-based 

methods and concluded thus, “While the methods based on knowledge of composition showed 

reasonable accuracy, those based on gas gravity alone showed weak accuracy with low 

correlation coefficients”.  

 Gas compressibility factor is vital for the computation of gas properties, such as 

formation volume factor, density, compressibility, and viscosity. These properties are required 

by oil and gas industries to evaluate prospects of new discovered gas reservoirs, calculating oil 

and gas originally in place, and designing production tubing and pipelines. The standard industry 

practice is to measure the PVT properties of reservoir fluid samples in the laboratory at some 

given temperature and pressures. The shortcoming of this approach is that not only is it 
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expensive and time consuming, but also the data obtained cannot be used to predict 

compressibility factors at other average reservoir pressures other than at measured pressure and 

temperature, unless the fluid is first characterized using an EOS or any of the developed 

empirical correlations.  Composition-based correlations sometimes have comparable accuracy to 

equations of state.   

 Kay (1936) developed a mixing rule for low molecular weight natural gases, based on 

molar weighted average critical properties. This mixing rule for computing pseudo critical 

properties results in computation of satisfactory compressibility factors for reservoir gases 

provided the specific gravity of the gas is not greater than 0.75.  However, when the natural gas 

has high concentration of high molecular weight components, Kay’s mixing rule leads to 

unsatisfactory estimates of compressibility factors.  In order to offset this limitation inherent in 

Kay’s mixing rule, Stewart et al. (1959) developed a mixing rule for high molecular weight 

natural gases as shown in equations 5 and 6. This mixing rule does not give accurate 

compressibility factors for reservoir fluids containing high molecular weight gases. 
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where  J= Stewart-Burkhardt-Voo correlating parameter, R/psia 

K= Stewart-Burkhardt-Voo correlating parameter, R/psia 

yi = mole fraction of component i in the gas 
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Sutton (1985) modified the mixing rule developed by Stewart et al. (1959) to account 

for the presence of heptane plus in the natural gas intent on minimizing the deviation of 

computed compressibility factor from laboratory-measured compressibility factors. He 

introduced new empirical adjustment factors FJ, EJ, and EK that are related to the presence of 

heptane plus fraction in the gas mixture. 
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where  7Cy  = mole fraction of the heptane plus component 

 
7CCT  = critical temperature of 7C  

  
7CCP  = critical pressure of 7C  

Parameters J and K are adjusted by applying the adjustment factors JE  and KE  

JEJJ                 (10) 

KEKK                 (11) 

Adjusted pseudo-critical temperature and pressure are computed from the expressions: 

 
 2
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 If the natural gas contains hydrogen sulfide (sour gas), the computed pseudo-critical 

temperature and pressure must be corrected for the presence of non-hydrocarbon components. 
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Wichert and Aziz (1972) developed a method to correct the pseudo-critical properties of natural 

gas for the presence of hydrogen sulfide and carbon dioxide as shown below: 

    45.06.19.0 5.1120 BBAA              (14) 

where coefficient A is the sum of the mole fractions of hydrogen sulfide and carbon dioxide in 

the gas and B is the mole fraction of hydrogen sulfide in the gas mixture. The corrected pseudo-

critical parameters are given by the expressions: 

  pcpc TT                (15) 
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 The reduced temperature and pressure, prT  and prP  , are computed from reservoir 

temperature and pressures of interest using the equations: 

 pcpr PPP                 (17) 

 pcpr TTT                 (18) 

 Elsharkawy et al. (2000) and Takacs (1976) evaluated a number of mathematical 

expressions developed to reproduce Standing and Katz chart and found Dranchuk-Abou-

Kazeem’s correlation to be the most accurate.  

6.3.1 Least Square Optimization Techniques Using Dranchuk-Abou-Kassem EOS 

Many real life problems can be framed as an optimization problem: Given a set of n data 

points xi and bi related by function F such that bi = F(xi, a), one is required to find the parameters 

a that minimizes the sum-squared error. 

  
2

1
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n
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When F is linear in terms of a, it is a linear least squares problem, and as such has a unique 

closed-form solution. However, when F is nonlinear in terms of a, it has no closed-formed 

solution in general, so it needs iterative algorithm to solve the problem. 

Least square optimization technique solves a problem specified by: 

F(x) = 0                                                                                                                              (20) 

for x, where x is a vector and F(x) is a function that returns a vector value. 

The Dranchuk and Abou-Kassem equation of state is a nonlinear equation to solve for 

compressibility factor. In this case, F(xi, a) is nonlinear in terms of a.  

Let ei denote the error or residual 

ei = F(xi, a) – bi. 

Therefore, no closed-form solution for a exist. Starting from initial guess of a, a is iteratively 

updated until the function converges to a real solution of a. The form of the Dranchuk -Abou-

Kassem equation of state is stated as follows: 

       prrrprrprrpr TcTcTcTcZ ,1 4

5

3

2

21                                                           (21) 

 

Where   
prprr ZTP27.0  

 

c1(Tpr) = A1 + A2/Tpr + A3/Tpr
3
 + A4/Tpr

4
 + A5/Tpr

5
; 

 

c2(Tpr) =  A6 + A7/Tpr + A8/Tpr
2
; 

 

 c3(Tpr) = A9(A7/Tpr+A8/Tpr
2
) 

 

c4(ρr, Tpr) = A10(1+(A11(ρr
2
)))*(( ρr

2
/Tpr

3
))*e

(-A11( ρ
r
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   A1 = 0.3265; 

   A2 = -1.0700; 

   A3 = -0.5339; 

   A4= 0.01569; 

   A5 = -0.05165; 

   A6 = 0.5475; 
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   A7= -0.7361; 

   A8 = 0.1844; 

   A9= 0.1056; 

   A10 = 0.6134; 

   A11= 0.7210; 

 

Given that the compressibility factor, Z, exists on both sides of the equation, a trial and 

error solution, such as the secant method is used to solve the Dranchuk and Abou-Kassem 

equation of state. To use the secant method, equation 21 is rearranged into equation 22 

     Fz = (1+ c1(Tpr) ρr  +  c2(Tpr)  ρr
2
  -   c3(Tpr) ρ

5
 +  c4(ρr, Tpr) )  -  Z = 0                                   (22) 

 

The iteration procedure is initiated by choosing two variables (Ppr, Tpr) of the compressibility 

factor and calculating the corresponding values of the factor Fz. The secant method provides a 

new guess for compressibility factor (Z), and the calculation is repeated until the function Fz  or  

Z  is within a specified tolerance. The objective is to optimize the function - find the value of Z 

such that the value of function Fz becomes very small.   

The developed function Fz is evaluated for Z such that the sum of squares of the residual 

between the laboratory measured and computed Z is minimized. More so, a heuristic to identify a 

good enough solution is established to indicate when the value of Z does not change a lot 

anymore. The tolerance for the unknown value of Z is set at 1E-08. The function will converge 

once this condition is satisfied.  

The determination of gas compressibility factor using equation 22 can be regarded as a 

forward problem. If data on reservoir fluid compositions and critical parameter of heptane plus 

fraction of a natural gas mixture are known, the pseudo critical and reduced parameters can be 

computed which would in turn be used to calculate the gas compressibility factor. In the same 

vein, obtaining the values of the pseudo-critical and reduced parameters of the hydrocarbon fluid 

given the laboratory measured compressibility factors can be regarded as an inverse problem.  



 

138 

 

6.4. Results and Discussion 

The inverse problem can be solved using a least square optimization procedure. In this 

paper, Dranchuk-Abou-Kassem equation of state was fitted to the laboratory measured 

compressibility factors for very sour reservoir fluid obtained from BEC field to obtain a pseudo-

critical pressure and reduced temperature of 965.41 psia and 1.36, respectively. These vital 

parameters – pseudo-critical pressures and reduced temperatures - are then used with the 

Dranchuk-Abou-Kassem equation of state to reproduce the laboratory measured gas 

compressibility factors, gas formation volume factors, and relative volumes at given reservoir 

temperature and pressures.  Figures 6.1 – 6.3 demonstrate that laboratory measured 

compressibility factors, gas formation volume factors, and relative volumes are accurately 

predicted using this technique with average absolute deviations (AAD) of 0.4 %, 0.3% and 

1.52%, respectively. These figures show that there is good agreement between measured and 

calculated PVT parameters. 

The laboratory measured PVT data was validated using the pseudo-critical pressure and 

reduced temperature obtained through fitting Dranchuk-Abou-Kassem equation of state to 

measured compressibility factors at given pressures using a least square optimization technique. 

The optimized pseudo critical pressure and reduced temperature were applied with Dranchuk-

Abou-Kassem equation of state to compute compressibility factors, gas formation volume 

factors, and relative volumes at the temperature and average reservoir pressures of interest as 

shown in Table 5A.  

6.5 Application of Technique 

  This technique can be put into two useful applications. First, it can provide guidance for 

fluid modelers using EOS models to characterize reservoir fluid on the selection of critical 
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properties of heptane plus fraction to tune and to what extent it can be tweaked when performing 

regression analysis. Second, the PVT black oil data obtained can be used to perform important 

reservoir engineering calculations, such as estimating the initial gas in place using material 

balance analysis. This method is particularly useful when a matured gas condensate field is being 

assessed for enhanced oil recovery opportunity given that a representative samples could no 

longer be obtained to measure the black oil PVT data at the reservoir temperature and pressures 

of interest.  

6.5.1 Guidance during EOS Modeling of Reservoir Fluid 

 The critical properties of pure hydrocarbon and non-hydrocarbon components are well 

known. However, the critical properties of the heptane plus fraction need to be estimated using 

well established correlations. In this paper, four correlations are used to estimate the critical 

properties of heptane plus fraction, including: 

1. Kesler-Lee correlation 

2. Riazi and Daubert correlation 

3. Rowes correlation and 

4. Win and Sim-Daubert correlation 

The critical properties of heptane plus estimated using the foregoing correlations are shown 

in Table 6.6. Plugging the components’ vapor compositions and critical properties into equations 

5 through 9, the values of J   and K   can be computed from equations 10 and 11, respectively. 

In the same vein, by back substitution the pseudo critical data obtained using the least square 

optimization technique are used to calculate K   and J   from equations 12 and 13, respectively. 

The values of K   and J   are dictated by the ratio of critical temperature to critical pressure 

(Tc/Pc); thus, if the values of K   and J   computed are the same, then the critical properties of 
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heptane plus will not need to be tuned to reproduce the measured compressibility factors. 

However, if the values of K   and J   obtained by back substitution are larger, the critical 

temperature of heptane plus will need to be increased otherwise the critical pressure will need to 

be increased. 

As shown in Table 6.6, the values of K   and J   calculated using the critical properties of 

pure hydrocarbon and non-hydrocarbon components alongside heptane plus critical parameters 

obtained from the four different correlations are approximately the same. This shows that no 

matter the correlation used to compute the heptane plus critical properties, one will end up 

getting the same or approximate values of K   and J  . Table 6.6 shows that there is a good 

agreement between the J   values obtained using both forward calculation and back substitution, 

but the values of  K   differs somewhat. Since the value of K   obtained by back substitution is 

larger, the value of heptane plus critical temperature needs to be regressed upon during EOS 

modeling.  Additionally, since the difference is large, other parameters, such as acentric factor, 

omega A and B, and S-shift will need to be changed during regression analysis to obtain a good 

match.  

 

6.5.2 Determination of Original Gas in Place Using Material Balance Analysis 

 

 The material balance equation is an important tool for establishing the original 

hydrocarbon in place (OHIP), production performance of conventional oil and gas reservoirs, as 

well as for determining the presence of aquifers. For conventional reservoirs, the generalized 

material balance equations for oil and gas reservoirs (Craft and Hawkins, 1991) are given by: 

Oil Reservoirs 
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Gas Reservoirs 
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Straight-line material balance plots are usually applied to analyze reservoir performance 

and estimate the original hydrocarbon in place (OHIP). Based on these plots, the OHIP may be 

obtained from the slopes or the intercepts of the straight lines. For an accurate determination of 

OHIP from a straight line material balance plot, a line must be both linear and have the correct 

slope or intercept.  

Wang (1998) presented a generalized straight line, material balance method for 

determining OHIP of a petroleum reservoir without restrictions on fluid composition, pressure 

gradient, water influx, or constant pore volume assumption. He developed a general linear 

material balance equation for normally and abnormally pressured petroleum reservoirs given by: 

WEGENF gfgiofoi                         (25) 

where W = pie WWW   

   1oioo BBE  

   1gigg BBE  

By assuming We = 0, a plot of 
 

.vs
E

WWF

g

ep 
gE  is a sensitive test for detecting the 

presence or absence of aquifer influx. If the data points of the plot hover around a horizontal line, 
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this indicates absence of aquifers or aquifer with minimal influence. For a gas reservoir, the 

slope of a plot of (
ep WWF    ) vs.  

gE
 
gives an estimate of initial gas in place provided the 

regression line passes through the origin since there can be no gas production with zero 

expansion of reservoir fluid (Wang, 1998).  

The equation for a gas reservoir can be used to estimate the OHIP for a gas condensate reservoir 

provided the cumulative gas production 
pG  can be modified to include the condensate liquid 

produced (Craft and Hawkins, 1991). The produced condensate is converted to its gas 

equivalent (GE) with the assumption that it behaves as an ideal gas when vaporized in the 

produced gas. At standard conditions of 14.7 psia and 60 
o
F, the GE of one stock tank barrel of 

condensate liquid is  

 

 

GE= 
wo

o

M


133000              (26) 

 

where o  is the condensate specific gravity and woM  is the molecular weight of the condensate. 

The total reservoir gas production, pG , is given by the expression 

 

   
psurfpp NGEGG              (27) 

 

 where pN   is the cumulative stock tank barrel of condensate produced at the surface facility.  

The general linear material balance equation developed by Wang for determining the 

OHIP and presence or absence of aquifer influx, as well as the concept of gas equivalence were 
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applied to determine the OHIP and influence of aquifer influx on BEC field. The gas expansion 

factor 
gE  was computed ignoring expansion of formation water  and reduction of pore volume 

  due to lack of experimental data. 

 Hsieh et al. (2002) has demonstrated that for a gas condensate reservoir undergoing 

depletion, the initial gas in place can be estimated using PVT data, such as gas formation volume 

factor obtained above the dew point pressure. The data used for estimating the Initial gas in place 

(IGIP) and determining the presence of aquifer using the material balance method are shown in 

Tables 5A and 5B. 

 The presence of aquifer influx is tested by assuming water influx (We) equal to zero and 

plotting 
 

.vs
E

WF

g

p
 

gE   as shown in Figure 5. Figure 5 implies the absence of aquifer given 

the fact that the data points hover around the horizontal line. Figure 5, therefore, has implication 

for BEC field as the figure indicates that whereas there is aquifer influx into the reservoir, the 

impact of the aquifer on the reservoir is limited to only the few wells that abut on the aquifer; 

hence, the reservoir behaves as though there is no aquifer. This result supports the position of 

Halvatzis (2000) that the reservoir has minimal aquifer support.  

Figure 6 is a linear plot of   ( pWF  ) vs.  gE . As is evident from Figure 6, the regressed 

line passed through the origin and the slope of the graph gives the estimated initial gas in place 

of 1.503 trillion cubic feet of gas. This value agrees with the estimates made using other reserve 

estimation methods (Halvatzis, 2000).  The equation of the regressed line is given by Y = 

1503.2E09 X. 
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6.6 Conclusion 

 

 This paper presents a methodology for modeling complex sour gas condensate fluid 

required for generating black oil PVT data needed to perform some important reservoir 

engineering calculations. The PVT data obtained using this technique was applied to the general 

linear material balance equation developed by Wang to estimate the initial gas in place. The 

result obtained was in agreement with the value obtained using other reserve estimation methods.  

          More so, the result shows that this technique could be useful in providing guidance to fluid 

modelers using EOS to characterize reservoir fluids as regards selection of heptane plus critical 

parameter to tune and by what amount the selected critical property can be changed to obtain a 

good fit between computed and laboratory measured PVT data.   

 

 

6.7 Nomenclature 

 

Bg = gas formation volume factor, rb/scf 

Bgi = gas formation volume factor at initial reservoir pressure, rb/scf 

Bo= oil formation volume factor, rb/STB 

Boi = initial oil formation volume factor, rb/STB 

Bw = water formation volume factor, rb/STB 

Bt = two phase oil formation volume factor, bbl/STB, or ft
3
/STB 

Cf = rock compressibility, 1/psi 

Cw = water compressibility, 1/psi 

Eg = net gas expansion, rb/scf 

Eo =net oil expansion, rb/STB 

  = Wichert and Aziz correction factor for presence of H2S and CO2        

F= total hydrocarbon withdrawal, rb 

Fg = mole fraction of wellstream mixture that becomes separator gas 

FJ, EJ, EK = Sutton empirical adjustment factors 
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GE = gas equivalent of one STB of condensate liquid, scf 

Gfg= gas in free-gas phase, scf 

Gfo = gas in free-oil phase, scf 

Gp= produced wellhead gas, scf 

J = Stewart-Burkhardt-Voo correlating parameter, R/psia 

BSJ  , BSK   = Sutton parameter calculated by back substitution R/psia 

K= Stewart-Burkhardt-Voo correlating parameter, R/psia 

K   , J = Sutton parameter R/psia 

M= Thousand 

MM = Million 

Mo  = oil molecular weight 

m= ratio of initial reservoir free gas volume to initial reservoir oil volume. 

woM  = molecular weight, lb/ lb-mole 

Np= cumulative produced oil (condensate) STB 

Nfo = oil in free-oil phase, STB 

Nfoi = initial oil in free-oil phase, STB 

N = initial oil in place, STB 

P = pressure, psia 

Pc= Critical pressure psia 

Rp = cumulative produced gas-oil ratio, scf/STB 

Rsoi =  solution gas-oil ratio at initial reservoir pressure, scf/STB 

Rs = Gas oil ratio 

rb=  Reservoir barrel 

Swi = water saturation at initial reservoir condition, fraction. 

Tc = Critical temperature R 

We = water influx, rb 

Wi = water injection, rb 

Wp = cumulative produced water, STB 

Z= compressibility factor 

xi = liquid mole fraction 

o  = oil (condensate) specific gravity 
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yi = gas mole fraction of component i in the gas  

zi = wellstream compositions 

  = expansion of formation water  

  = reduction of pore volume  

P = change in volumetric average reservoir pressure, psia 
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6.9 Appendix 

  Table 6.1: Hydrocarbon Analyses of Separator Products and Recombined Wellstream  

 

Components Separator Liquid 

(Mole %) 

Separator Gas 

(Mole %) 

Recombined well 

stream (Mole %) 

Hydrogen Sulfide 23.44 21.10 20.96 

Carbon Dioxide 18.25 47.53 47.05 

Nitrogen 0.0 1.39 1.36 

Methane 4.20 21.17 20.87 

Ethane 2.49 3.34 3.33 

Propane 3.38 1.96 1.99 

Iso-Butane 1.78 0.60 0.63 

Normal-Butane 4.53 1.20 1.27 

Iso-Pentane 3.40 0.50 0.56 

Normal-Pentane 4.44 0.55 0.63 

Hexanes 5.75 0.37 0.48 

Heptanes plus 28.34 0.29 0.86 

Total 100.00 100.00 100.00 

             

      

Parameters                  Heptane plus Liquid           Heptane plus Recombined Stream     

    Specific gravity:          0.8324                          0.7124   

    Molecular Weight:      188.0    159.00 

    Full well stream specific gravity: 1.281 
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 Table 6.2: Constant Composition Expansion Data 1 

 

Pressure (psia) Deviation Factor (Z) Gas Formation Volume Factor (bbl/Mscf) 

 

7430** 0.957 0.4798 

7000 0.929 0.4943 

6500 0.880 0.5043 

6000 0.833 0.5171 

5500 0.790 0.5350 

5000 0.758 0.5647 

4500 0.727 0.6018 

4000 0.700 0.6519 

3500 0.682 0.7258 

3000 0.680 0.8443 

2770* 0.685 0.9211 

 

      ** Reservoir pressure     ;   * Dew- Point pressure 
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      Table 6.3: Constant Composition Expansion Data 2 

 

Pressure (psia) Relative Volume (V/Vsat) Gas Density ( gms/cc) 

 

7430 0.5149 0.5663 

7000 0.5280 0.5523 

6500 0.5459 05341 

6000 0.5675 0.5138 

5500 0.5939 0.4909 

5000 0.6280 0.4643 

4500 0.6724 0.4336 

4000 0.7332 0.3977 

3500 0.8195 0.3558 

3000 0.9480 0.3076 

2770* 1.0000 0.2916 

2500 1.1512 0.2533 

2000 1.4870 0.1961 

1500 2.0721 0.1407 
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Table 6.4: Laboratory and Calculated Wellstream Compositions 

____________________________________________________________________ 

      Comps            y (%)                x(%)       Calc.  z (%)          Lab. z (%)         % Deviation 

 _____________________________________________________________________ 

  H2S  21.1  23.44  21.15  20.96  0.91 

  N2  1.39  0.00  1.36  1.36  0.00 

CO2  47.53  18.25  46.95  47.05  -0.21 

Methane 21.17  4.20  20.83  20.87  -0.19 

 Ethane 3.34  2.49  3.32  3.33  -0.30 

Propane 1.96  3.38  1.99  1.99  0.00 

I-Butane 0.60  1.78  0.62  0.63  -1.59 

N-Butane 1.20  4.53  1.27  1.27  0.00 

I-Pentane 0.50  3.40  0.56  0.56  0.00 

N-Pentane 0.55  4.44  0.63  0.63  0.00 

Hexane 0.37  5.75  0.48  0.48  0.00 

Heptane +  0.29  28.34  0.85  0.87  -2.30 

__________________________________________________________________________ 
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Table 6.5A: PVT and Historical Production Data  

Time 

(days) 

Pres. 

(psia) 

Z Bg 

(rb/Mscf) 

Gpsurf 

(Mscf) 

Wp (bbl) Np (bbl) GE(Np) 

Mscf 

0 7491.0 0.960 0.477895 0 0 0 0 

182.5 7371.0 0.950 0.480590 9303799 13922 697195 787481.00 

365.0 7193.5 0.935 0.484764 16776522 19320 1291596 1458857.68 

547.5 7217.0 0.937 0.484198 26747909 23237 2130121 2405971.67 

730.0 7144.0 0.931 0.485970 34865143 26237 2789441 3150673.61 

912.5 6680.0 0.892 0.498296 44452286 51934 3568414 4030523.61 

1460.0 6766.5 0.900 0.495847 91621706 250008 7287912 8231696.60 

1825.0 5805.1 0.822 0.528234 132336964 415865 10318407 11654640.71 

2007.5 5635.0 0.809 0.535457 151436623 498323 11657793 13167477.19 

2190.0 5414.4 0.792 0.545735 167429241 523077 12868902 14535424.81 

2555.0 5091.6 0.769 0.563004 208835694 588167 15972150 18040543.43 

2737.5 4520.3 0.730 0.602517 227729702 604711 17372888 19622677.00 

2920.0 4871.8 0.753 0.576633 248720335 614353 18847465 21288211.72 

3102.5 4792.0 0.748 0.582028 271063309 644317 20404760 23047176.42 

3285.0 4654.8 0.739 0.591936 291801389 695360 21868719 24700718.11 

3467.5 4212.8 0.712 0.630597 310551364 766368 23068944 26056372.25 

3650.0 4355.5 0.720 0.616825 329259208 820067 24254510 27395469.05 

3832.5 4086.6 0.706 0.644013 349284680 842128 25611882 28928620.72 

4015.0 4148.2 0.709 0.637309 368677614 951909 26863602 30342438.46 

4197.5 3777.5 0.692 0.682893 385352528 1041484 27937270 31555146.47 

5292.5 3626.0 0.686 0.705813 484137696 1547754 34263611 38700748.62 

5657.5 3243.2 0.678 0.779334 523332978 1681799 36874023 41649208.98 

6022.5 3143.3 0.677 0.803229 557864974 1803836 38920684 43960912.58 

6387.5 3053.1 0.677 0.826897 590598303 2420639 40805145 46089411.28 

6935.0 2818.9 0.680 0.899395 653096327 2999313 43920408 49608100.84 
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Table 6.5B:  Material Balance Plot Data 

Gp 

(Mscf) 

F = Gp*Bg 

(rb) 

F + Wp 

(MMrb) 

Eg (rb/Mscf) (F + Wp – We)/Eg 

(Mrb) 

0.0 0.0 0.0 0.0 0 

10091280.75 4849.768616 4.863690616 2.70E-03 1.80E+09 

18235379.68 8839.855595 8.859175595 6.87E-03 1.29E+09 

29153880.67 14116.25071 14.13948771 6.30E-03 2.24E+09 

38015816.61 18474.5464 18.5007834 8.08E-03 2.29E+09 

48482809.61 24158.7901 24.2107241 2.04E-02 1.19E+09 

99853402.6 49512.01012 49.76201812 1.80E-02 2.77E+09 

143991604.7 76061.26132 76.47712632 5.03E-02 1.52E+09 

164604100.2 88138.41768 88.63674068 5.76E-02 1.54E+09 

181964665.8 99304.48689 99.82756389 6.78E-02 1.47E+09 

226876237.4 127732.2292 128.3203962 8.51E-02 1.51E+09 

247352379 149034.0133 149.6387243 1.25E-01 1.20E+09 

270008546.7 155695.8383 156.3101913 9.87E-02 1.58E+09 

294110485.4 171180.5376 171.8248546 1.04E-01 1.65E+09 

316502107.1 187348.9913 188.0443513 1.14E-01 1.65E+09 

336607736.3 212263.8287 213.0301967 1.53E-01 1.40E+09 

356654677.1 219993.5212 220.8135882 1.39E-01 1.59E+09 

378213300.7 243574.2824 244.4164104 1.66E-01 1.47E+09 

399020052.5 254299.0706 255.2509796 1.59E-01 1.60E+09 

416907674.5 284703.3326 285.7448166 2.05E-01 1.39E+09 

522838444.6 369026.1711 370.5739251 2.28E-01 1.63E+09 

564982187 440309.8277 441.9916267 3.01E-01 1.47E+09 

601825886.6 483404.0051 485.2078411 3.25E-01 1.49E+09 

636687714.3 526475.1609 528.8957999 3.49E-01 1.52E+09 

702704427.8 632008.8488 635.0081618 4.22E-01 1.51E+09 
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       Table 6.6: C7+ Critical Properties and Computed  K   and J   Values 

Characterizing 

C7+ 

Tc ® Pc (psia) J   K   
BSJ   BSK   

Kesler-Lee 1123.41 244.43 0.29 17.66 0.56 17.78 

Riazi and 

Daubert 

1097.56 265.50 0.28 17.62  

Rowes 1157.88 297.63 0.28 17.62 

Win and Sim-

Daubert 

1119.56 251.77 0.29 17.65 

 

 

Figure 6.1: Comparison of measured compressibility factor to computed    

compressibility factor 
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Figure 6.2: Comparison of measured gas formation volume factor to computed Gas    

Formation Volume factor 
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                   Figure 6.3: Measured relative volume vs. computed relative volume 
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                   Figure 6.4: Total reservoir withdrawal - net gas expansion ratio vs. net gas expansion 
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            Figure 6.5: Linear plot of total reservoir withdrawal vs. net gas expansion 

 

 

 

 

 

 

 

 

 

 

Y = 1.503E12*Eg 
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CHAPTER SEVEN 

 

CONCLUSIONS AND RECOMMENDATIONS 

 

The development of a framework is sine qua non for assessing reservoir performance and 

developing enhanced recovery techniques for boosting hydrocarbon production from matured 

reservoirs. The development of a framework is hinged on accurate characterization of reservoir 

rock and fluid properties.  

Before characterizing the reservoir, comprehensive assessment of field-wide production 

performance and compositional variation of reservoir fluid components with depth over the BEC 

geologic structure were undertaken to delineate the spatial relationship of reservoir properties in 

BEC field. On the basis of these analyses, it was shown that while total gas and condensate 

production have plateaued, water production was still increasing. Similarly, the ratio of total 

produced gas-to-condensate was gradual for the first 200 months of production and thereafter 

increased drastically. The increased ratio of total produced gas-to-condensate was an indication 

of decreasing well condensate deliverability at the surface facility, which could be attributed to 

condensate banking. Also, spatial distribution of the CO2 and Heptane plus component mole 

fractions over the BEC geologic structure follows the gravity rule. However, the compositional 

variation of CH4, N-Butane and H2S over the geologic structure does not obey the gravity rule 

given that their mole fractions follow no well defined compositional gradation.  
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The total porosity data computed from a crossplot of Density and Neutron porosities 

obtained from well logs were used to generate porosity profile for BEC field after validation with 

laboratory measured core data. The core porosity equivalent data generated were used with the 

correlations developed between core porosity and logarithmically transformed core permeability 

data from each cored well. The obtained regression models were used to generate permeability 

profiles, which were then used to fill in permeability data in uncored intervals and in intervals 

with missing core samples. The use of core porosity, well log porosity and core permeability data 

with correlations obtained by a least square fit of porosity to logarithmically transformed 

permeability were sufficient to characterize BEC reservoir rock properties.  

Furthermore, accurate modeling of reservoir fluid using available commercial fluid 

simulators, such as PVTi was impossible due to high concentration of acid gas. Therefore, least 

square optimization technique was used to accurately model the BEC fluid. The reservoir fluid 

PVT properties obtained through this technique were used to perform material balance 

calculations. The original hydrocarbon in place of approximately 1.503 Tcf of gas obtained was 

in perfect agreement with earlier estimates made using pressure decline data and volumetric 

calculations.   

In addition, it was shown using material balance computation that although some of the 

wells in the southeastern and northcentral portions of the reservoir experience water influx from 

the aquifer, the influence of this aquifer influx is limited only to the affected wells. The 

performance of the entire BEC reservoir is not influenced by aquifer influx into the affected 

wells. 

The accurate use of numerical simulators to successfully perform numerical modeling of 

gas and condensate flow through porous media in an oilfield containing oil and/or gas wells not 
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only depend on accurate characterization of the reservoir and modeling of the changes in fluid 

composition at pressures below the dew point line, but also significantly depends on the accurate 

representation of conventional and advanced wells in the simulator. Therefore, successful 

modeling of oil and/or gas wells in a numerical simulator depends on satisfying two key 

requirements. First, accurate well equations for precise modeling of flows into wellbores need to 

be developed. Second, bottom-hole well pressures should be calculated if production or injection 

rates are known or vice versa. The review paper by Dumkwu et al. (2012) will provide a one stop 

shop for reservoir engineers and well model developers to select best well models for simulating 

fluid flow through porous media and to have a clear state of the art to develop new well models, 

respectively. 

The development of a framework not only depends on accurate characterization of BEC 

fluid and rock properties, but also modeling of variation average reservoir pressure with time. 

Average pressure depletion in BEC Field was modeled successfully using an exponential decay 

function. 

On the basis of this developed framework, it is recommended that future work should be 

centered around: 

1. Developing 3D geologic and simulation models for BEC reservoir.  

2. Performing reservoir simulation studies on BEC reservoir based on the developed 

3D models.  
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APPENDICES 

APPENDIX 1: PETROPHYSICAL DATA FOR WELLS IN BEC FIELD 

Appendix 1 presents the petrophysical data of two selected wells (PN_1704, PN_1705) in BEC 

field. The table comprises five columns viz: Depth, porosity, permeability, oil saturation and 

water saturation.  

Table A-1: Core petrophysical data for PN_1704 

________________________________________________________________ 

Depth (ft)        Poro (%)     Perm (mD)  Oil Saturation (%) Water Saturation (%) 

       

15140  1.20  0.01  0.00  35.20 

15141  1.20  0.01  0.00  35.30 

15142  1.50  0.01  0.00  29.50 

15143  1.20  0.01  9.10  36.30 

15144  1.10  0.01  0.00  41.00 

15145  2.00  0.01  0.00  64.30 

15146  2.30  0.01  4.60  64.80 

15147  1.10  0.01  0.00  41.00 

15148  0.90  0.01  0.00  48.20 

15149  1.00  0.01  0.00  45.40 

15150  1.40  0.01  0.00  31.20 

15151  1.30  0.01  0.00  33.30 

15152  1.50  0.01  6.90  27.70 

15153  6.60  0.02  3.10  34.30 

15154  9.00  0.06  3.40  29.30 

15155  8.20  0.03  3.70  24.90 

15156  10.70  0.05  2.80  30.00 

15157  10.80  0.10  2.80  31.60 

15158  7.20  0.13  2.80  25.30 

15159  0.90  0.01  0.00  45.40 

15160  1.10  0.01  0.00  38.00 

15161  5.90  0.03  3.50  20.90 

15162  1.70  0.01  6.30  37.60 
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15163  2.90  0.01  3.80  30.30 

15164  6.40  0.06  4.80  16.00 

15165  2.20  0.02  9.60  38.40 

15166  7.20  0.09  2.80  25.50 

15167  7.30  0.07  2.80  25.20 

15168  6.20  0.05  3.30  20.00 

15169  6.60  0.09  3.10  30.80 

15170  6.90  0.06  3.00  21.00 

15171  7.20  0.05  2.80  19.80 

15172  8.40  0.07  3.70  24.40 

15173  8.50  0.09  3.60  26.40 

15174  8.70  0.13  2.30  23.10 

15175  9.10  0.12  2.20  26.70 

15176  9.10  0.49  2.20  24.60 

15177  1.10  0.01  10.10  40.40 

15178  1.20  0.01  0.00  36.10 

15179  1.00  0.01  0.00  46.00 

15180  0.80  0.01  0.00  50.70 

15181  0.90  0.01  0.00  47.20 

15182  1.10  0.01  0.00  63.10 

15183  0.70  0.01  0.00  58.70 

15184  0.90  0.01  0.00  49.10 

15185  0.90  0.01  0.00  48.80 

15186  1.10  0.01  0.00  39.60 

15187  1.80  0.01  0.00  36.60 

15188  1.80  0.01  0.00  53.80 

15189  0.80  0.01  0.00  53.40 

15190  0.80  0.01  0.00  51.10 
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Table A-2: Core petrophysical data for PN_1705 

________________________________________________________________ 

Depth (ft)        Poro (%)     Perm (mD)  Oil Saturation (%) Water Saturation (%) 

_________________________________________________________________ 

    

15266  23.30  16.00  1.90  46.60 

15267  22.70  16.00  2.40  32.10 

15268  25.70  20.00  2.70  39.80 

15269  19.90  7.80  1.40  42.30 

15270  14.70  1.00  2.00  37.20 

15271  12.20  0.90  2.40  38.80 

15272  18.90  3.00  1.50  39.30 

15273  18.40  4.50  2.10  40.20 

15274  20.40  4.00  1.80  39.70 

15275  18.40  2.50  1.50  39.00 

15276  17.40  0.90  1.70  42.30 

15277  15.70  1.50  2.50  42.20 

15278  16.30  1.90  1.80  38.90 

15279  17.10  1.70  1.70  36.40 

15280  15.60  1.20  1.90  44.00 

15281  11.00  0.20  2.70  27.20 

15282  11.70  0.20  2.50  32.20 

15283  9.80  0.20  3.10  24.70 

15284  10.10  0.19  3.00  23.90 

15285  3.50  0.05  3.00  29.80 

15286  0.90  0.01  0.00  48.60 

15287  1.10  0.01  0.00  39.90 

15288  0.90  0.01  0.00  46.50 

15289  1.10  0.01  9.80  39.20 

15290  1.00  0.01  0.00  41.80 

15291  0.70  0.01  0.00  66.10 

15292  6.80  0.04  1.50  8.90 

15293  3.40  0.04  3.10  18.50 

15294  0.90  0.01  11.80  47.00 

15295  5.90  0.04  1.70  13.80 

15296  2.30  0.01  9.30  37.10 

15297  1.10  0.01  0.00  38.40 

15298  8.70  0.10  3.50  23.30 

15299  10.70  0.08  2.80  22.20 

15300  8.80  0.08  4.50  18.20 

15301  10.30  0.09  2.90  15.30 
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15302  1.30  0.01  0.00  50.50 

15303  1.90  0.01  5.50  21.90 

15304  10.80  0.14  2.80  27.60 

15305  8.30  0.08  4.90  17.10 

15306  2.40  0.01  8.80  44.20 

15307  1.10  0.01  9.80  39.20 

15308  1.00  0.01  10.20  40.90 

15309  4.10  0.02  2.50  10.10 

15310  2.30  0.01  9.00  35.80 
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APPENDIX 2: BEC FORMATION THICKNESS 

 Appendix 2 presents data on net thickness, gross thickness, and porosity-thickness products. 

Table B-1: BEC formation thickness  

_____________________________________________________________________________

Well Permit #              Net Thickness (ft)               Gross Thickness (ft)     

_____________________________________________________________________________ 

1649    213    488 

1704    83    361 

1705    90    353 

1753    54    349 

1754    13    84 

1771    90    343 

1802    88    345 

1832    40    272 

1837    167    334 

1858    26    218 

1867    11    112 

1870    53    329 

1877    145    324 

1879    104    330 

1895    90    331 

1919    40    182 

1928    69    194 

1929    94    94 

1930    102    135 

1945    39    140 

2001    54    130 

2050    81    180 

2072    25    310 

2121    83    321 

2160    62    160 

2240    39    352 

2712    98    306 

2942    11    82 

3339    195    269 

3460    123    306 

3537    119    133 

3621    115    305 

3627    155    294 
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3686-B   88    140 

3752    110    216 

4051-B   134    154 

4091    29    212 

4473    114    302 

4485-B   67    260 

4550-B   10    94 

4727    44    49 

5410    16    96 

5660    64    363 

5790    218    309 

5884    206    259 

8648    75    335 

9919    33    240 

10087    92    272 

10415    127    136 

10542    181    248 
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Table B-2: Porosity thickness product  

_____________________________________________________________________________

Well Permit #                       Porosity-Thickness Product (øft)     

_____________________________________________________________________________ 

1649     29.36 

1704     11.97 

1705     11.35 

1753     6.69 

1754     2.19 

1771     10.83 

1802     15.85 

1832     5.8 

1837     20.68 

1858     3.53 

1867     1.46 

1870     6.43 

1877     18.86 

1879     15.62 

1895     15.16 

1919     4.37 

1928     10.37 

1929     11.21 

1930     15.46 

1945     4.04 

2001     7.7 

2050     11.33 

2072     6.78 

2121     10.97 

2160     8.18 

2240     6.27 

2712     10.89 

2942     1.13 

3339     34.14 

3460     15 

3537     17.21 

3621     13.91 

3627     24.15 

3686-B    11.24 

3752     16.31 

4051-B    33.85 

4091     6.72 
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4473     12.49 

4484     0 

4485-B    8.3 

4550-B    1.31 

4727     6.14 

5410     2.74 

5660     10 

5790     33.23 

5884     29.57 

8648     11.2 

9919     4.23 

10087     15.8 

10415     16.39 

10542     26.82 

1962     6.37 
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APPENDIX 3: BEC STATIC BOTTOM-HOLE PRESSURE DATA 

 

Appendix 3 presents measured static pressure and computed average reservoir pressure for BEC 

reservoir 

 

Table C: BEC static bottom-hole reservoir pressure 

_____________________________________________________________________________

Date                      Well Permit #            Static Pressure (Psia)    

_____________________________________________________________________________ 

2/12/1972   1649   7642 

3/12/1974   1928   7632 

4/20/1974   1832   7400 

4/20/1974   1771   7370 

6/10/1974   1928   7562 

9/18/1974   1832   7398 

9/8/1974   1771   7362 

9/23/1974   1704   7514 

10/5/1974   1867   7179 

10/7/1974   4473   7603 

11/7/1974   4473   7588 

11/11/1974   1867   6953 

1/19/1975   1867   6371 

1/21/1975   1704   7294 

1/21/1975   1832   7249 

1/21/1975   1870   6969 

1/22/1975   1649   7498 

1/23/1975   1705   7407 

2/11/1975   1870   7243 

2/11/1975   1929   7209 

2/12/1975   1867   6923 

2/28/1975   1771   7504 

3/3/1975   1754   7461 

7/14/1975   2072-B  6898 

7/15/1975   2072-B  7536 

3/11/1976   1993   7144 

11/3/1976   1993   6680 

1/20/1978   1993   6386 

1/28/1978   1993   6486 

3/23/1978   1649   7687 

5/9/1978   1802   6507 

3/8/1979   1929   5746 

3/10/1979   2050   6173 
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3/10/1979   2001   6040 

3/12/1979   2160   6062 

3/14/1979   1837   5703 

3/14/1979   1919   5685 

3/14/1979   1993   5467 

3/15/1979   1649   6275 

3/16/1979   1879   5770 

3/16/1979   2072-B  5564 

3/19/1979   1753   5352 

3/20/1979   1928   6191 

3/20/1979   1705   6341 

3/20/1979   1870   5780 

3/21/1979   1704   6094 

3/23/1979   1930   5807 

3/25/1979   1945   5679 

3/31/1979   1877   6210 

4/4/1979   1802   5822 

4/13/1979   1895   5751 

4/16/1979   1867   4395 

9/2/1979   2160-B  5815 

9/17/1979   2240   6076 

9/18/1979   1704   5995 

9/18/1979   1832   5132 

9/18/1979   1879   5715 

9/18/1979   1870   5561 

9/19/1979   1929   5540 

9/20/1979   1753   5246 

2/26/1980   2160-B  5480 

4/8/1980   2240   5863 

4/8/1980   1870   5380 

4/8/1980   2001   4699 

4/9/1980   2050   5386 

4/9/1980   1705   5826 

4/9/1980   1802   5589 

4/9/1980   1930   5443 

4/10/1980   1877   5855 

4/10/1980   1895   5609 

4/10/1980   1945   5530 

4/10/1980   1832   4309 

2/22/1981   2160-B  5067 
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3/2/1981   1837   5048 

3/2/1981   1928   5484 

3/3/1981   1753   4518 

3/3/1981   1930   5141 

3/3/1981   3537   5097 

3/4/1981   2001   4607 

3/4/1981   2240   5544 

3/5/1981   1877   5638 

5/18/1981   1895   5194 

5/18/1981   1649   5552 

5/19/1981   1870   4971 

5/19/1981   1705   5432 

5/19/1981   1879   5172 

5/20/1981   1771   5184 

5/20/1981   1945   5102 

5/21/1981   2942   3820 

5/21/1981   1993   5041 

5/21/1981   1919   5000 

5/22/1981   1802   5182 

5/22/1981   2050   4928 

5/22/1981   2072-B  4970 

5/23/1981   1704   5414 

10/19/1981   1929   4798 

10/21/1981   1832   4161 

10/21/1981   1649   5184 

10/22/1981   2160-B  4668 

10/23/1981   2001   4309 

10/26/1981   2050   4866 

10/27/1981   1753   4951 

10/27/1981   1858   3864 

11/1/1981   2942-B  3882 

4/12/1982   1919   4781 

4/12/1982   1928   5174 

4/13/1982   1802   4910 

4/13/1982   1930   4747 

4/14/1982   1879   4834 

4/14/1982   1945   4748 

4/15/1982   1837   4710 

4/16/1982   2240   5070 

8/5/1982   1993   4792 



 

180 

 

3/15/1983   3627   4757 

3/17/1983   3621   5647 

5/8/1983   1895   4497 

5/8/1983   1771   4380 

5/9/1983   3537   4274 

5/9/1983   1837   4395 

5/10/1983   1919   4301 

5/10/1983   3460   4812 

5/10/1983   3339   4749 

5/12/1983   2240   4736 

9/19/1983   1945-B  4410 

9/19/1983   1945   4410 

9/19/1983   2072-B  4363 

9/19/1983   2001   3740 

9/20/1983   2050   4187 

9/20/1983   1832   3784 

9/21/1983   1928   4661 

9/21/1983   1753   3694 

9/27/1983   2160-B  4374 

10/6/1983   1993   4359 

10/8/1983   1870   4359 

2/6/1984   3752   4217 

6/4/1984   1802   4309 

6/4/1984   1879   4278 

6/4/1984   1771   4319 

6/4/1984   1837   4148 

6/5/1984   1895   4319 

6/5/1984   3627   4436 

6/6/1984   3339   4638 

6/6/1984   3460   4559 

6/6/1984   1705   4502 

6/6/1984   3537   4178 

6/6/1984   1919   4230 

6/7/1984   2240   4488 

11/5/1984   1945-B  4172 

11/7/1984   1928   4439 

10/16/1984   3621   4649 

10/31/1984   4091   5103 

11/5/1984   2072-B  4077 

11/6/1984   1832   3401 
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11/7/1984   1753   3732 

11/8/1984   2050   3871 

11/9/1984   4051-B  3335 

3/17/1985   3621   4537 

3/17/1985   4091   3987 

3/30/1985   3460   4365 

3/30/1985   2240   4407 

3/30/1985   1705   4307 

3/30/1985   4051-B  4325 

3/30/1985   1771   4031 

3/30/1985   1879-B  4023 

3/30/1985   3537   3924 

3/30/1985   1919   3840 

3/30/1985   1895   3884 

10/25/1985   3621   4373 

10/25/1985   4091   4155 

11/5/1985   4485-B  3855 

11/5/1985   1928   4172 

11/5/1985   4550-B  3097 

11/5/1985   1832   3249 

11/5/1985   1753   3435 

11/6/1985   4473   4224 

11/6/1985   2072-B  3750 

11/6/1985   2050   3799 

11/7/1985   4051-B  3443 

1/7/1986   1993   3964 

1/13/1986   4727   7268 

7/8/1988   5410   3443 

10/28/1988   5660   3809 

10/24/1989   1879   3125 

10/25/1989   5790   3505 

10/25/1989   4473   3594 

10/25/1989   3752   2984 

10/25/1989   2942   2462 

10/26/1989   1928   3488 

10/26/1989   4992   3534 

10/26/1989   8648   3289 

10/26/1989   9919   3113 

10/30/1989   2050   3318 

10/31/1989   1919   3022 
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11/1/1989   1771   3483 

8/22/1990   1771   3280 

8/22/1990   1832   3248 

8/23/1990   2050   3354 

8/23/1990   1928   3350 

8/23/1990   4473   3410 

8/24/1990   5790   3400 

8/24/1990   1919   2287 

8/24/1990   3627   3348 

8/24/1990   4992   3295 

8/27/1990   3339   3408 

8/27/1990   3752   2891 

8/27/1990   2942   2450 

9/16/1991   1771   3155 

9/16/1991   1928   3231 

9/17/1991   2072-B  2893 

9/17/1991   8648   3051 

9/17/1991   1705   3249 

9/18/1991   3752   2809 

9/18/1991   2942   2809 

9/18/1991   1945   2937 

9/18/1991   1879   2895 

9/18/1991   4485-B  2867 

9/20/1991   9919   2889 

9/20/1991   1919   2817 

9/20/1991   4992   3220 

9/20/1991   3339   3194 

9/23/1991   5790   3245 

9/23/1991   4473   3231 

9/23/1991   1837   2843 

9/24/1991   1832   3116 

9/24/1991   3537   3156 

9/25/1991   3627   3193 

10/7/1991   2050   3316 

5/24/1993   1928   2913 

5/24/1993   1832   2747 

5/24/1993   1879   2687 

5/24/1993   1945   2663 

5/24/1993   2050   3111 

5/25/1993   1837   2602 
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5/25/1993   4485-B  2598 

5/25/1993   1919   2549 

5/25/1993   3752   2543 

5/25/1993   4992   2963 

5/26/1993   8648   2852 

5/26/1993   9919   2609 

5/26/1993   3627   2993 

5/27/1993   3537   3095 

5/27/1993   1705   2985 

5/27/1993   5790   2978 

5/27/1993   3339   2930 

5/27/1993   1771   2922 

7/5/1994   5410   1580 

7/6/1994   5660   2119 

7/8/1994   5884   2732 

9/19/1995   10757-B  2160 

4/15/1996   2050   3516 

4/29/1998   8648   5063 

5/4/1998   1879   1971 

5/4/1998   8648   2161 

5/4/1998   3627   2357 

5/4/1998   1928   2408 

5/4/1998   3752   1937 

5/5/1998   2050   2314 

5/5/1998   1771   2213 

5/5/1998   3339   2465 

5/5/1998   1705   2383 

5/5/1998   9919   1828 

5/5/1998   1919   1970 

5/6/1998   5884   2337 

5/6/1998   5660   1940 

6/15/1998   10757-B  1468 

9/10/1998   1837   1993 

9/2/1999   8648   2132 

11/5/2011   1929   3825 

 

 

 


